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SPECIAL NOTES

 

API publications necessarily address problems of a general nature. With respect to partic-
ular circumstances, local, state, and federal laws and regulations should be reviewed.

API is not undertaking to meet the duties of employers, manufacturers, or suppliers to
warn and properly train and equip their employees, and others exposed, concerning health
and safety risks and precautions, nor undertaking their obligations under local, state, or fed-
eral laws.

Information concerning safety and health risks and proper precautions with respect to par-
ticular materials and conditions should be obtained from the employer, the manufacturer or
supplier of that material, or the material safety data sheet.

Nothing contained in any API publication is to be construed as granting any right, by
implication or otherwise, for the manufacture, sale, or use of any method, apparatus, or prod-
uct covered by letters patent. Neither should anything contained in the publication be con-
strued as insuring anyone against liability for infringement of letters patent.

Generally, API standards are reviewed and revised, reaffirmed, or withdrawn at least every
five years. Sometimes a one-time extension of up to two years will be added to this review
cycle. This publication will no longer be in effect five years after its publication date as an
operative API standard or, where an extension has been granted, upon republication. Status
of the publication can be ascertained from the general manager of the Upstream Segment
[telephone (202) 682-8000]. A catalog of API publications and materials is published annu-
ally and updated quarterly by API, 1220 L Street, N.W., Washington, D.C. 20005.

This document was produced under API standardization procedures that ensure appropri-
ate notification and participation in the developmental process and is designated as an API
standard. Questions concerning the interpretation of the content of this standard or com-
ments and questions concerning the procedures under which this standard was developed
should be directed in writing to the general manager of the Upstream Segment, American
Petroleum Institute, 1220 L Street, N.W., Washington, D.C. 20005. Requests for permission
to reproduce or translate all or any part of the material published herein should also be
addressed to the general manager.

API standards are published to facilitate the broad availability of proven, sound engineer-
ing and operating practices. These standards are not intended to obviate the need for apply-
ing sound engineering judgment regarding when and where these standards should be
utilized. The formulation and publication of API standards is not intended in any way to
inhibit anyone from using any other practices.

Any manufacturer marking equipment or materials in conformance with the marking
requirements of an API standard is solely responsible for complying with all the applicable
requirements of that standard. API does not represent, warrant, or guarantee that such prod-
ucts do in fact conform to the applicable API standard.
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FOREWORD

 

This Recommended Practice is under the jurisdiction of the American Petroleum Institute
(API) Committee on Standardization of Production Equipment (Committee 11).

This document presents recommended practices for the design of continuous flow gas lift
using injection pressure operated valves.

API publications may be used by anyone desiring to do so. Every effort has been made by
the Institute to assure the accuracy and reliability of the data contained in them; however, the
Institute makes no representation, warranty, or guarantee in connection with this publication
and hereby expressly disclaims any liability or responsibility for loss or damage resulting
from its use or for the violation of any federal, state, or municipal regulation with which this
publication may conflict.

Suggested revisions are invited and should be submitted to the general manager of the
Upstream Segment, American Petroleum Institute, 1220 L Street, N.W., Washington, D.C.
20005.
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Recommended Practice for Design of Continuous Flow Gas Lift
Installations Using Injection Pressure Operated Valves

 

0 Introduction

 

This Recommended Practice is provided to meet the needs
for guidelines, procedures, and recommendations covering
Continuous Flow Gas Lift Installation Designs using injec-
tion pressure operated valves. These recommended practices
are those generally required for successful installation
designs. Also see API Specification 11V1, Recommended
Practice 11V5, and Recommended Practice 11V7.

 

1 Scope

 

This Recommended Practice is intended to set guidelines
for continuous flow gas lift installation designs using injec-
tion pressure operated valves. The assumption is made that
the designer is familiar with and has available data on the var-
ious factors that affect a design. The designer is referred to
the API publication 

 

Gas Lift

 

, (Book 6 of the Vocational Train-
ing Series, Third Edition, 1994) and to the various API 11V
Recommended Practices on gas lift.

 

2 Intent

 

The only energy utilized in lifting liquids to the surface is
that provided by the expansion of the compressed gas from
the pressure in the production conduit at the point of injection
to the pressure at the wellhead. The pressure drops taken
(from the compressor to the wellhead, across the surface
injection gas control device, through the injection conduit,
across the gas lift valve into the production conduit, up the
production conduit, and from the wellhead to the storage
tank) are all energy losses. The intent of the gas lift installa-
tion design is to maximize the benefits from the lift energy
used, i.e., to allow the compressed gas to be injected into the
produced fluid as deep and at a pressure as close to compres-
sor discharge pressure as possible or necessary. Such an
approach normally maximizes production with a minimum of
operating costs. 

Gas
dehydration unit

Surplus gas
to sales

Gas for gas lift

Well
Production

Pipeline

Compressor
station

Gas/oil
separator

Oil storage To pipeline

Production
manifold

TBG/CSG
pressure
recorder

Injection
gas

Injection gas manifold
(metering and control)

Figure 1—A Typical Gas Lift System
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3 Definitions

 

A continuous lift gas lift installation is one where com-
pressed high pressure gas is injected continuously at the sur-
face into the gas injection conduit and then continuously
downhole into the production fluid conduit.

 

4 General Design Considerations

 

4.1 GENERAL

4.1.1

 

In the design of a continuous flow gas lift installation,
the complete system must be evaluated. For new installations,
all the equipment should be carefully sized and selected;
whereas, for existing installations, the effect of the proposed
design on the system must be checked and evaluated.

 

4.1.2

 

The following design techniques are a combination
of concepts by numerous people. Designing a gas lift string to
operate under a range of conditions is difficult at best, and
often involves many judgement calls on the part of the
designer. The attached approaches attempt as much as possi-
ble to remove some of these judgement decisions; however, it
is impossible to remove all of them. The graphical approach
with supporting equations is recommended so that the effects
of changing flow rates and the resulting effect on the valve
design can be more clearly determined and analyzed.

 

4.1.3

 

Continuous flow gas lift has advantages and limita-
tions. You are referred to API 

 

Gas Lift

 

, Chapter 1. The follow-
ing are brief discussions of the more important design
considerations.

 

4.2 WELL PERFORMANCE (INFLOW AND 
OUTFLOW)

4.2.1

 

The production of an oil well can be divided into two
basic categories which are called inflow and outflow perfor-
mance. (See API 

 

Gas Lift

 

, Chapter 2.) Inflow describes the
flow of the produced fluids from the reservoir into the well-
bore. Outflow describes the flow of the produced fluid from
reservoir depth to the storage tanks. In order to make a good
artificial lift design, good predictions of both inflow and out-
flow conditions are needed.

 

4.2.2

 

The well’s inflow is usually expressed in terms of
productivity. For single phase flow of liquids, the inflow is
expressed as productivity index (

 

P.I.

 

 = 

 

J

 

) and can be written
as an equation using the following engineering symbols:

 

J

 

 = 

 

q

 

1

 

/(

 

P

 

ws

 

 – 

 

P

 

wf

 

)

 

Note: See Appendix A for symbol definitions.

 

4.2.3

 

For two phase flow (liquid and free gas), the produc-
tion is not linear with pressure change; thus, an inflowing

performance relation curve results when plotting flowing
bottom hole pressure vs. rate. A good approximation of this
change (Vogel IPR) for flow at pressures less than the bubble
point (with no skin) can be expressed as follows:
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q
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 = 1.0 – 0.2 (
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P
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2

 

4.2.4

 

A more generalized approximation for multiphase
flow of oil-water-gas for all conditions is as follows:

a. For flow above the bubble point:

 

J

 

=

 

q

 

1

 

/(

 

P

 

ws

 

 – 

 

P

 

wf

 

) 

 

Q

 

pb

 

= (

 

P

 

ws

 

 – 

 

P

 

B
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x
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x

 

 

 

J

 

b. For flow below the bubble point:
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x
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[1.0 – 0.2(

 

P

 

wf

 

 – 

 

P

 

b

 

) – 0.8(

 

P

 

wf

 

/

 

P

 

b

 

)

 

2

 

] + 

 

q

 

pb

 

By use of the above formulae, the flowing bottom hole
pressure can be calculated for any possible production rate.

 

4.2.5

 

The outflow performance of a well depends on a
number of factors. These factors are often interrelated and
good predictions of performance are sometimes difficult to
achieve. (See API 

 

Gas Lift

 

, Chapters 2 and 3.) A good vertical
multiphase flow correlation for gas lift design is essential.
There are a number of these correlations

 

1

 

, some of which are
published and others which are proprietary. Select one that
gives reasonable answers for the actual well or field condi-
tions that exist. A few good flowing bottom hole pressure sur-
veys are recommended to confirm the correlation.

 

4.2.6

 

These vertical multiphase flow correlations can be
used to develop sets of gradient curves. Before the use of
computer programs became common, a set of such curves
were often the basis for the gas lift design. Their use is still an
acceptable (and often used) method for gas lift design. By
using a suitable multiphase flow correlation, a prediction of
the outflow can be calculated for specific well conditions.
Thus, various rates and gas liquid ratios cases can be evalu-
ated. Tubing performance outflow curves can be generated
and plotted on the inflow performance relationship graph to
find the anticipated rate when lifting from near bottom. Such
plots are often very helpful in gas lift design.

 

1

 

Commonly used correlations: Poettmann and Carpenter; Hagedorn
and Brown; Orikiszewski; Duns and Ros; Ros-Gray; Moreland
Mobil Shell Method; Beggs & Brill; Aziz et al.
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4.3 TUBING OR ANNULUS (PRODUCTION 
CONDUIT) FLOW AREA/SIZE

 

The flow area is an important factor in gas lift design. A
small conduit size increases the friction loss and may severely
restrict rates. However, too large a conduit size may result in
unstable flow (excessive gas slippage) and will cause the pro-
duction to “head.” (See API 

 

Gas Lift

 

, Chapter 3.) Heading
results in numerous producing problems. In a typical design
for flow up the tubing, the gas lift designer should always
evaluate changing to a different size tubing. Select a conduit
size that permits flow rates in the stable flow region without
excessive friction losses. In general, tubing size should be
selected by using a total systems analysis approach.

 

4.4 FACILITIES

 

Gas handling facilities, gas compressors, meters, and pipe-
lines are the highest equipment cost portion of the gas lift sys-
tem. This equipment usually requires more operating and
maintenance costs than any other part of the gas lift system.
(See API 

 

Gas Lift

 

, Chapter 4.) The design of such equipment
is beyond the scope of this recommended practice. Hopefully,
the surface facilities will provide an efficient, dependable,
adequate volume and pressure supply of dry, noncorrosive,
clean injection gas over the life of the project. Also, back
pressure exerted on the producing wells as a result of pressure
losses in the surface production facilities should be relatively
low and the system provided with good control and measure-
ment equipment.

 

4.5 GAS INJECTION PRESSURE

 

The operating injection gas pressure should be selected
with care. Often the injection pressure used is based on the
gas sales system discharge pressure rather than on the opti-
mum gas lift performance. In general, gas lift systems are
more efficient and cost effective if the gas injection point is
near the producing formation. By deep injection, more pro-
duction is normally achieved and/or less injection gas is
required. Thus, when feasible, select an injection gas pressure
that will permit gas injection just above the producing zone.

 

4.6 KICK-OFF INJECTION GAS PRESSURE

4.6.1

 

The injection system may permit using a higher than
normal injection gas kick-off pressure for a short period of
time. Some systems may have a higher pressure stage com-
pressor or outside high pressure source that can be used for
temporarily unloading or kicking off a well. Most systems
have a range of normal operating pressure. Selecting a higher
than normal pressure might restrict the unloading to specific
time periods.

 

4.6.2

 

Use of a kick-off pressure in locating the depth of
the first valve is a fairly common practice that is worthy of

consideration, since it may allow deeper lift. Caution should
be exercised in selecting this kick-off pressure since this
elevated pressure will be required in future unloading cases.

 

4.7 VALVES

4.7.1

 

The heart of the gas lift system is the gas lift valve.
(See API 

 

Gas Lift

 

, Chapter 5.) In general, the designer should
select a valve size, type, and design that will permit reliable,
adequate single-point gas injection without frequent repairs.
In most cases, simple, unbalanced, injection pressure-oper-
ated, nitrogen-charged bellows valves meet this requirement.

 

4.7.2

 

Valves can be classified as either injection pressure or
production pressure (fluid) operated. Injection pressure oper-
ated valves are primarily controlled (opened) by the injection
gas pressure; whereas, production pressure operated valves
are primarily controlled by the flowing production pressure at
valve depth.

 

4.7.3

 

Continuous flow gas lift valves normally have bel-
lows. The most common type of valve has a nitrogen-
charged bellows which makes the valve opening pressure
subject to changes in temperature. Another common valve
design uses a bellows that does not have a nitrogen closing
force using a spring for the closing force. Temperature effects
are negligible on such valves. When using this type of valve
in high pressure installations, it may be necessary to supple-
ment the spring force with a dome charge because a spring
alone may not develop adequate closing force. This practice
does mean, however, that temperature must be considered
when calculating the valve test rack set pressure (for the por-
tion of the opening force supplied by the dome charge).

 

4.7.4

 

Different sizes and types of valves have specific load
rates, which means that the stem will move off the seat an
estimated distance for a specific opening pressure condition.
Such conditions should be considered in selecting the valve
for a given injection rate—especially in high rate wells that
require high gas injection rates. At high gas injection rates,
some valves become restricted. Check with the manufacturer
to see if a single valve will pass the required rate in such
cases. Also as a general rule, select the smallest valve port
size that will pass the required injection gas rate. The large
ported valves are more likely to inadvertently reopen and
cause multi-point gas lift injection than are small ported
valves, due to a higher production effect factor.

 

4.7.5

 

Gas lift valves typically are available in three sizes;

 

5

 

/

 

8-in., 1-in., and l1/2-in. The 5/8-in. valves are recommended
only where clearance makes their use mandatory. The most
commonly used gas lift valve is the 1-in. These 1-in. valves
are typically used in most low rate wells equipped with 23/8-
in. tubing. They are used with both conventional and wire-
line retrievable mandrels. Some operators prefer the l-in.
valve—especially for higher rate wells with larger tubing
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4 API  RECOMMENDED PRACTICE 11V6

sizes. These larger valves have better flow characteristics
than the smaller valves and have corresponding lower pro-
duction pressure effect factors. Thus, where port sizes larger
than 1/4-in. are needed for gas passage, use of l1/2-in. valves
are recommended.

4.8 CHARACTERISTICS OF UNBALANCED, 
PRESSURE CHARGED VALVES

4.8.1 For simplicity, unbalanced pressure charged valves
will be referred to throughout as pressure valves. Some of the
inherent characteristics of pressure valves as applicable to
continuous flow gas lift design are (see Figure 2):

a. The valve utilizes a nitrogen dome charge to supply the
closing force.
b. Valve opening and closing pressure of all pressure charged
bellows valves are affected by temperature. This is an impor-
tant consideration for continuous flow design since the
flowing temperature within the wellbore will always be above
the static temperature, at a given depth. This is of particular
importance in designing for multiple flow rates since the
flowing temperature gradient is a function of flow rate.
c. Relatively small ports are recommended for continuous
flow gas lift valves since the objective is to reduce the gradi-
ent of the incoming fluid, not accelerate a slug of fluid by
displacing it with high pressure gas as is the case with inter-
mittent gas lift. However, the ports must be large enough to
permit the needed gas injection rate.
d. Although pressure valves open primarily on injection gas
pressure, a small portion of the opening force is supplied by
the production pressure. The amount of the opening force
supplied by the production pressure is a function of the gas
lift valve port size. The larger the area of the port is in relation
to the area of the bellows, the greater the opening force sup-
plied by the production pressure. As the result of this
characteristic, the injection gas pressure required to open a
valve will decrease as the production pressure increases. The
opposite is also true. This means that higher than anticipated
production pressure may cause upper valves to reopen and
interfere with the proper operation of the well. 
e. Pressure valves close primarily on injection pressure
decrease. In order to close a valve, the injection gas pressure
must be lowered below the closing pressure of the valve. In
order to prevent valve interference (the re-opening of an
upper valve), the surface operating injection pressure of each
successively deeper valve must be lower than the valve above
it. This valve feature causes loss of operating injection pres-
sure where pressure valves are used. A discussion of how to
limit this loss of lift energy is given later in this section of the
recommended practice.

4.8.2 The valves used in this Recommended Practice and
the following examples will be unbalanced, pressure charged
valves with ball stems and seats. All gas lift manufacturers

offer this type of valve as it is the most commonly used type
of gas lift valve in the industry today.

4.9 DESIGN METHODS

4.9.1 There are a number of design methods, all of which
have certain advantages or limitations. Some are better suited
for specific well conditions or for the type of valve chosen.
Most designs are similar with slight modifications on how or
when safety factors are applied.

4.9.2 For injection pressure operated valves, the gas lift
design depends primarily on the injection gas pressure. The
better the data the less the need for safety factors. If the gas
injection pressure at the well under operating conditions is
known (measured), then there is little need for reducing it an
arbitrary amount. However, most gas lift installations have
varying system pressures and there is always a measurable
pressure drop (during flow) between the compressor and the
well. Also, there must be a pressure drop into the well if injec-
tion gas control is needed.

4.9.3 Another important factor in valve spacing is the pro-
ducing pressure at valve depth while unloading. An equilib-
rium curve can be used to predict the operating producing
pressures for various depths. (See API Gas Lift, pages 72-73.)
As the well is lifted deeper, the rates increase and the flowing
pressures increase. If the equilibrium curve is used in spacing
and no other safety factors are taken, then the well may not
work down or may multi-point. This results since deeper lift
increases the production rate, which in turn increases the

Figure 2
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RECOMMENDED PRACTICE FOR DESIGN OF CONTINUOUS FLOW GAS LIFT INSTALLATIONS USING INJECTION PRESSURE OPERATED VALVES 5

flowing pressures causing an increased opening force on the
upper valves. Multi-pointing or valve interference occurs
when an upper valve inadvertently comes open when produc-
ing from the lower target operating valve. Multi-pointing nor-
mally results in poorer production performance and excess
gas usage. Use an equilibrium curve to predict the production
rate possible and the associated lift depth and needed injec-
tion gas pressure.

4.9.4 Another spacing approach is to use a variable gradi-
ent design. This was originally introduced under the name
optiflow design. This is a common practice when using pro-
duction pressure (fluid) operated valves.

A high pseudo well head flowing pressure is calculated. It
is calculated by using the expected flowing pressure plus
20%–25% of the difference between the producing and injec-
tion pressure. A straight line is drawn to the expected flowing
tubing pressure at the point of gas injection or to some arbi-
trary pressure below the gas injection pressure at depth. This
line will be at a higher pressure than the operating production
pressure (to the right) and is a conservative spacing method.
Such a design gives closer valve spacing and normally
requires more unloading valves but does not require a reduc-
tion in gas injection pressure.

4.9.5 A recommended design method for injection pres-
sure valves is to use the maximum production rate gradient
line for the producing pressure plus decreasing the gas injec-
tion pressure (taking a pressure drop) a specific amount for
each successively deeper valve. The amount is based on a
small nominal pressure drop plus a safety factor pressure
drop. Safety factors are for errors in data and valve setting,
and to account for variations of the production pressure dur-
ing unloading. This pressure drop is needed to prevent the
valves from multipointing. The safety factor needs to be
increased for valves with high production pressure effect fac-
tors (PPEF). The pressure drop can be determined as follows:

a. For the minimum case:

Pressure Drop = PPEF x 100 psi + SF (optional)

b. For the maximum case:

Pressure Drop = 20 psi + [PPEF x 200 psi] 

(based on experience)

4.9.6 The pressure drop can be calculated for each valve or
the same pressure drop can be used for all the same type and
size valves. With good data, minimum pressure drops can be
taken; however, for poor data, higher pressure drops are rec-
ommended. Also, if gas injection at the bottom can be
achieved, then higher pressure drops could and probably
should be taken.

4.9.7 Some designers prefer to determine the pressure drop
by use of a pseudo unloading pressure line. A straight line is
drawn from the injection operating pressure of the valve
below to the flowing surface producing pressure. This line
determines the maximum producing pressure range (Pmax –
Pmin) for the valve above. (See Figure 16, Example Problem
No. 2.) Such an approach normally results in higher pressure
drops for upper valves and results in significant pressure
drops for large ported valves with high production pressure
effect factors. In such cases the pressure drop is calculated as
follows:

Pressure Drop = [PPEF – (Pmax – Pmin)] + SF (optional)

4.10 TEMPERATURE

4.10.1 Gas lift valves, such as unbalanced pressure charged
valves, open or close at different pressures as the temperature
changes. As a result, it is necessary to establish some standard
reference temperature which can be used to set the valves.
Most manufacturers use 60°F as that standard temperature.2

4.10.2 Valve opening pressures on the design graph are cal-
culated at downhole temperature conditions. These calculated
pressures must be converted to reflect the reference tempera-
ture so that the valves can be set in the workshop under those
conditions. API Gas Lift, Table 4.1 gives the conversion fac-
tors to account for this temperature difference. For example:

Table 1—Recommended Minimum Safety Factors for 
Various Injection Pressure Valves

Valve OD
(in.)

Port Size
(in.)

Safety Factor (SF)
(psi)

5/8 1/8 10
5/32 15
3/16 20

1 1/8 5
3/16 10
1/4 15
5/16 20

11/2 3/16 5
1/4 10
5/16 15
3/8 20
7/16 25

2Other manufacturers use 80°F as the reference temperature. One
should check with the manufacturer to see which reference tempera-
ture is being used.

900 psi opening 
pressure downhole 

at 130°F
x

0.869 temperature 
factor from 
Table 4.1

=
782 psi opening 
pressure in test 

rack at 60°F
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6 API  RECOMMENDED PRACTICE 11V6

4.10.3 As flow commences in the tubing string, the heat
content of the liquid mass is transferred up the hole. Since only
part of this heat can be dissipated through the wellbore tubu-
lars to the shallower formations, the flowing wellhead temper-
ature will be elevated above the normal surface temperature.

4.10.4 The best way to determine flowing temperatures is
to make actual measurements at various production rates in
the field. Temperatures usually become significantly higher
for increasing production rates, higher water cuts, and higher
velocities (smaller ID tubing). The chart in API Gas Lift, Fig-
ure 6.9, is based mostly on high water cut wells using 21/2-in.
nominal tubing. Use this chart with caution unless it has been
verified with field data. The method of Sagar, Doty, and
Schmidt in their 1989 SPE 19702 paper, “Predicting Temper-
ature Profiles in a Flowing Well,” may prove helpful.

4.10.5 As a rule-of-thumb, never base the design for a con-
tinuous gas lift design on the static geothermal (earth) tem-
perature gradient, since the increase in temperature from flow
may lock the upper valves closed before unloading to the next
lower valve(s). Upper valves should theoretically be designed
for actual unloading rates and temperatures. Thus, the design
temperature for upper unloading valves should be greater
than the static temperature, greater than the temperature at the
minimum flow rate, but less than at the maximum anticipated
flow rate. A common design practice is to draw a linear tem-
perature line from the surface flowing temperature at the
anticipated maximum production rate to the reservoir temper-
ature at well depth. This will normally result in an unloading
temperature line that is slightly less than the actual flowing
temperatures; and this tends to lock these upper valves closed
during normal producing conditions. This type of approach is
recommended for most designs.

4.11 FLAG VALVE

4.11.1 In an injection pressure operated valve design, it is a
common practice to set the bottom valve at a substantially
lower pressure than the other valves to act as a positive indi-
cation (or flag) of operation from the bottom valve. When the
surface operating injection pressure is observed to be below
the operating injection pressure of the upper valves, it can be
assumed that the well is operating from bottom—once the
possibility of a tubing leak or other malfunction up the hole
has been ruled out. This flagging is generally achieved by
assuming various production pressure values (flag loads) for
the bottom valve. Remember that there is nothing magic
about picking the production pressure load for the flag valve.
The objective is to set the flag valve at a lower surface operat-
ing pressure than the other valves in the string. Some of the
ways to assign the flag load for the bottom valve include:

a. Select a minimum pressure by assuming a 0.05 psi/ft gas
gradient plus the separator pressure.
b. Assume an arbitrary minimum production pressure load
such as 100 psi, 200 psi, etc.

c. Assume no pressure so the flag valve will open dry with-
out any production pressure being necessary.
d. Assume a production pressure that is based on the mini-
mum flow rate the well is expected to produce (frequently
used).

Some operators achieve the same thing by installing an ori-
fice on bottom.

4.12 GAS PASSAGE

4.12.1 As previously discussed, using the minimum port
size that will pass the desired rate of gas will minimize the
injection pressure drops required between valves, and thus
minimize the loss of lift energy. It has been common practice
to calculate gas passage using square-edged orifice nomo-
graphs similar to the one shown in API Gas Lift, Figure 4.8A,
and then apply temperature and gravity adjustments. The
resulting gas passage from the nomograph is then adjusted by
the gas lift designer in one of several different ways:

a. Assume 100% gas passage as shown by the orifice nomo-
graph (or gas passage equations), then select the port/orifice
that will pass at least this much gas. Empirical data have
shown this practice to be safe for small ported valves such as
3/16-in. or smaller ported 1-in. valves, or 1/4-in. or smaller
ported 11/2-in. valves.
b. Use the nomograph to calculate the required port size for
the design injection gas rate (assuming 100% passage), then
use one size larger port as a safety factor.
c. Size the port based on applying a 75% or 80% factor to the
gas rate shown by the square-edged orifice nomographs.

4.12.2 The preceding practices have been successful for
small port sizes and moderate to low gas injection rates. The
advent of large diameter, high rate completions has precipi-
tated the use of large ports and high injection gas rates, thus
emphasizing the need for more accurate gas passage data
related to gas lift valves. Some manufacturers have these data
available for their equipment or are in the process of gather-
ing such data. As gas passage information becomes available,
it would be wise to incorporate it into the gas lift design to
avoid the possibility of being unable to achieve valve transfer
due to restricted gas passage.

4.13 SUMMARY

4.13.1 This recommended practice is intended to present
guidelines for the design of continuous flow gas lift installa-
tions using injection pressure operated valves. The success-
ful design of such an installation will maximize production
by providing consistent single-point injection at the maxi-
mum depth allowable by the gas injection facilities. The
maximum depth of injection is achieved by minimizing pres-
sure reduction between the valves as the well unloads. Some
pressure reduction is necessary as a safety factor to prevent
multi-point injection.
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RECOMMENDED PRACTICE FOR DESIGN OF CONTINUOUS FLOW GAS LIFT INSTALLATIONS USING INJECTION PRESSURE OPERATED VALVES 7

4.13.2 Graphical techniques are commonly used to facili-
tate the design as they provide the designer with a feel for the
various design parameters. Three examples which incorporate
these graphical techniques are given in the following section.

4.13.3 Good input data are essential in making an opti-
mized design. If adequate data are not available or if the
design information is wrong, a poor design will result. Poor
designs will usually result in lower rates, excessive injection
gas usage, and heading. Subsequent general wireline opera-
tions risk will probably be necessary to pull and reset the
valves or the tubing may have to be pulled to respace the
valves and mandrels.

5 Continuous Flow Problems: Injection 
Pressure Operated Valves

5.1 EXAMPLE PROBLEM NO. 1—DESIGN OF 
TYPICAL WELL WITH GOOD PRODUCTION 
DATA

5.1.1 General

5.1.1.1 A gas lift design problem which commonly occurs
is the case for a well that has been completed and produced
but now requires a gas lift design and equipment installation.
Other cases are where the existing gas lift design is not suit-
able, or simply when the tubing is pulled for repair and the gas
lift design needs to be reviewed for modification. In all of the
above cases, several good production tests were obtained. This
example problem will show how to space the valves/mandrels
and design for near maximum or optimum rate using a limited
amount of injection gas. The design will result in gas lifting
from near the producing zone or as deep as feasible. Injection
pressure operated valves for unloading were selected.

5.1.2 Reservoir and Well Data

5.1.2.1 A summary of the well data are given in Figure 3,
Gas Lift Well Data Sheet. The well was drilled (relatively
straight hole) to 8100 ft and completed as a single producer
equipped with 7-in. casing and 27/8-in. of tubing. The produc-
ing interval is from 8000 ft to 8025 ft in a sandstone. The
existing equipment will be pulled, and can be replaced if nec-
essary. The flow line is 3-in. line pipe and the central facilities
are only 500 ft distant from the well. High back pressure on
the well is not a problem.

5.1.2.2 The well is one of several wells completed in a
limited water drive reservoir. The reservoir was originally
hydropressured and had a bubble point pressure near 2445
psig. Reservoir pressure declined to about 2150 psig but has
stabilized in the past two years. On a recent flowing and
build-up pressure survey in the well of interest, the static
pressure was measured at 2125 psig and the well had no
measurable skin. On a test at the time of the pressure
buildup, the well flowed 100 BOPD and 100 BWPD, with a

flowing bottom hole pressure of 1941 psig—against a 100
psig flowing wellhead pressure. The oil gravity was 35° API,
and the gas-oil ratio was found near its original value of
700:1 standard cubic ft (SCF) of gas per stock tank barrel of
oil. The well has loaded up and died. Further data are listed
on the data sheet (Figure 3). Well conditions are assumed to
remain relatively stable for the next few years.

5.1.3 Gas Lift System Data

5.1.3.1 The field currently has a gas lift system installed
that provides 1250 psig dehydrated sweet injection gas.

5.1.3.2 Pressure at the well was measured at 1200 psig. A
maximum of 750 MCFD is available for lift of this well; how-
ever, less than 700 MCFD is desirable. The injection gas has a
0.65 specific gravity.

5.1.4 Inflow

The gas lift design will attempt to produce the well at near
its maximum capability. The inflow capability of the well
must be determined and then coupled with the outflow condi-
tions. Since the well produces free gas in the reservoir below
the bubble point, the Vogel correlation was used. The inflow
rates and flowing pressures were calculated as follows:

5.1.5 Outflow

5.1.5.1 The Hagedorn and Brown gradient curves were
selected for determining outflow performance. These curves
are widely used and in many fields are adequate for gas lift
design.

5.1.5.2 The well is equipped with 2.5-in. nominal tubing
which is the size needed—based on the inflow of this well.
Typically 2.5-in. nominal tubing is the optimum size for
rates in the 500 to 1500 BPD range. Using the gradient
curves in Appendix B for various rates, and assuming flow-
ing well head pressure of 100 psig, the following rates and
needed flowing bottom hole pressures were determined at
various GLRs: 

Rate: 200 400 600 800 900 1000 1200 BFPD

Pwf : 1941 1742 1517 1260 1115 952 531 psig

Rates (BPD) For

200 400 600 800 900 1000 1200 (GLR)

Pwf (psig)

980 1060 1160 1285 1350 1400 1515 (800)

900 1000 1105 1230 1290 1340 1460 (1000)

860 960 1070 1200 1250 1300 1425 (1200)

820 925 1040 1170 1220 1280 1400 (1500)

COPYRIGHT 2000 American Petroleum Institute
Information Handling Services, 2000
COPYRIGHT 2000 American Petroleum Institute
Information Handling Services, 2000
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Figure 3—Data Sheet Example 1

Company __________________________________________ Address __________________________________
__________________________________
__________________________________

A. Well Completion Data
* 1. Field name:__________________________________________________________________________
* 2. Lease name and well no.: _______________________________________________________________

3. Producing formation: ________________________________________ Lithology: ________________
* 4. Casing: ______________ in.  OD; _______________ #/ft; ___________  Grade;  _______________ ft

5. Liner: _______________  in.  OD; _______________ #/ft; ___________  Grade; _______________ ft
6. Open hole: (yes/no) _________________________  Gravel pack (yes/no) ________________________

* 7. Well depth (TVD/MD): _________________ ft.  Plug. back TVD: ___________________________ ft
* 8. Perf. Interval ___________ -  __________ ft. Reference depth: ______________________________ ft

9. Packer: _________________________________________________________ @ ______________ ft
* 10. TBG LNG __________ft;  OD ________ in.;  WT. ____________ lb/ft;  Grade _______ THD ______

11. SSSV: mfg & type _____________ __________; Depth ____________ ft;  Bore ________________in.
12. Wellhead mfg & type ___________________;   (Bore ID) ______________;  WP ______________psi
13. Choke: mfg & type __________________________;  Size max. ID ______________________ / 64 in.
14. Flowline: size ID ______________________________ in.;   Length: __________________________ft
15. Well profile: (TVD/MD or deg) __________________________________________________________

____________________________________________________________________________________

B. Reservoir, Test and Production Data
* 16. Last test: (qo) = ______________ BOPD (qw) = ___________ BWPD (qg) = _____________ MSCFD
* 17. Water cut ______________________  Formation Rgo :_______________  Rgl:____________________
* 18. Flowing WHP (Pwh) __________________  psig;  Separator pressure (Psp) __________________ psig
* 19. Static BH pressure (Pws): _______________________ psig @ _______________________________ft

20. Static fluid level ________________ Pressure ________________  psig gradient _____________ psi/ft
* 21. Flow BHP (Pwf): ____________________ psig @ ________________ ft @ rate ____________ BLPD
* 22. Oil API gravity ___________________________  Water specific gravity _________________________
* 23. Formation gas SG (SGg): _______________________________________________________________
* 24. BH Temp (Tf): _________ @ ________  Surf. temp (Ts): ______  Flow temp (Twh): _______________
* 25. Bubble point (PB): ________________ psig;  PI (J): _______________ BPD/psi; flow eff ___________

26. Sand (yes/no) _______________;  Paraffin (yes/no) _______________; Scale (yes/no)______________
27. H2S (yes/no) _______________;  CO2 (yes/no) _______________;  Emulsion(yes/no) _____________
28. Other ______________________________________________________________________________

C. Design Information
* 29. Tubing/flow ___________________________________________  New installation/rerun/modification
* 30. Production rate (q1): min________________ max _________________ design ___________________
* 31. Max water cut ______________%;   Max lift depth ______________ft;   Min BHP ____________ psig
* 32. Comp inj. gas pres (pg): _______________________  psig:   Well inj. pres ___________________ psig

33. Header/sales inj. pres _______________________  psig;   Max (Ko) inj. pres _________________  psig
* 34. Inj. gas temp @ well ______________________°F;    Inj. gas SG (SGi) _________________________
* 35. Inj. gas volume: max/unloading/design  ___________________________________________ MSCFD
* 36. Load fluid grad (gs): ________________________  psi/ft lower flow grad  __________________ psi/ft
* 37. Min spacing ________________ ft;  Min inj. decrease _____________  psi;  Design diff ________  psi
* 38. Design flow press (Pwh) __________________  psig Design flow temp (Twh) ____________________

39. Gas lift valve: mfg & type ________________;  port _______________ in.; Ap/Ab_________________
* 40. Gas lift valve description  _______________________________________________________________
* 41. Other _______________________________________________________________________________

Remarks: ____________________________________________________________________________________
____________________________________________________________________________________

By: _______________________________________________________ Date: __________________________
*Indicates data that must be supplied for good design.
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RECOMMENDED PRACTICE FOR DESIGN OF CONTINUOUS FLOW GAS LIFT INSTALLATIONS USING INJECTION PRESSURE OPERATED VALVES 9

5.1.5.3 A comparison of these outflow pressures with the
inflow pressures of the well as shown above, indicates that
rates of 900 and higher are not possible but that rates of 200
to 800 [add definition] BFPD are feasible. For a given stabi-
lized production rate, the inflow performance pressure must
be equal to the needed outflow performance pressure. A plot
of these values is made in Figure 4. 

5.1.5.4 The point of intersection of the IPR (inflow) curve
with the tubing performance (outflow) curve is the predicted
producing rate. For this well, a rate of 800 BFPD is near the
maximum achievable rate.

5.1.6 Injection Gas

5.1.6.1 A comparison of the tubing performance curves for
various gas liquid ratios (Rgl) is one of the methods to select
the optimum injection gas. A Rgl of 800 will restrict produc-
tion to less than 800 BFPD. Use of increasing Rgl will
increase the production rate; but the increase in production per
incremental (MCF) is steadily decreasing.

5.1.6.2 For a total Rgl of 1500 and a producing Rgl, of 350,
a production rate of 800 BFPD would need:

(1500 – 350) x 800/1000 = 920 MCFD injection gas

whereas

for a 1200 Rgl, 680 MCFD is required,

for a 1000 Rgl, 520 MCFD is required,

and

for a 800 Rgl, 360 MCFD is required.

5.1.6.3 Since the field has a limited amount of injection
gas, the design will be based on a producing Rgl of 1200.
However, after installation, a further evaluation is recom-
mended that is based on actual well tests. Also, in the future
when water cut increases, slightly more gas may be required.

5.1.7 Temperature

5.1.7.1 The temperature of the injection gas and pro-
duced liquids have a significant effect on the gas lift
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design—especially when using nitrogen charged bellows
valves. Actual temperature measurements are recommended
at different production rates.

5.1.7.2 In this well the formation temperature of the reser-
voir (bottom hole temperature) is 178°F, the surface static
temperature is 78°F, and the flowing wellhead temperature at
200 BFPD was measured to be 86°F. The well flows up 2.5-
in. nominal tubing. The geothermal gradient is found to be
1.25°F per 100 ft.

5.1.7.3 The flowing temperature at 800 BFPD is deter-
mined as follows:

Twh(800 BFPD) = 178 – 0.87 x 8000/100 = 108°F

5.1.7.4 Since the well will not produce at the maximum
rate until injection begins at the maximum depth, the upper
valves will be required to close at lower rates, therefore at
lower temperatures.

5.1.7.5 As the well lifts deeper, the higher flowing temper-
atures will help keep the upper valves closed.

5.1.7.6 Average injection gas temperature = (78 + 178)/2 =
128°F. (The flowing fluids have only a small effect on the
injection gas temperature.)

5.1.8 Gas Gradient

The available injection gas pressure will increase with
depth due to the weight of the gas where relatively large
injection tubulars are used. For this well, the surface gas
injection will be a maximum of 1200 psig and operating pres-
sures are anticipated to be about 1100 psig. The approximate
increase in pressure per 1000 ft can be found by use of Figure
5. Thus, for a gas specific gravity of 0.65, the pressure will
increase about 30 psi per thousand ft with a surface pressure
of 1100 psig and about 32.5 psi per thousand ft with a surface
pressure of 1200 psig. A conservative estimate of 30 psi per
thousand ft will be assumed in this case. 

5.1.9 Valve Spacing

5.1.9.1 There are many methods for spacing valves. This
design will use a graphical (pressure-depth) approach but will
also provide supporting calculations. Ample safety factors
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RECOMMENDED PRACTICE FOR DESIGN OF CONTINUOUS FLOW GAS LIFT INSTALLATIONS USING INJECTION PRESSURE OPERATED VALVES 11

will be used to ensure unloading. The following are the given
pressure and depth data that need to be initially plotted:

Pwh = Pressure at the wellhead = 100 psig.

Pg = Pressure of injection gas at well = 1200 psig.

Ts = Static temperature at surface = 78°F.

Twh = Flowing temperature at wellhead = 108°F.

gs = Static gradient of load fluid in annulus = 0.465 psi/ft.

gg = Gas gradient = 30 psi/1000 ft or 0.03 psi/ft.

Dw = Depth of well = 8000 ft.

Pgd = Pressure of injection gas at well depth 1440 psig.

Tf = Formation temperature = 178°F.

fw = Water cut fraction = 0.50.

5.1.9.2 A prediction of the tubing flowing pressure is
required in order to space the valves. Various methods have
been used successfully; however, one of the best approaches
is to use the gradient curve for the anticipated maximum pro-
duction rate. In this case the rate is 800 BFPD with a GLR of
1200/1 through 2.5-in. nominal tubing. The following depth
and pressure values were read off the appropriate graph in
Appendix B. 

These values are then plotted on the design graph (see Fig-
ure 6). 

Note: If the design graph has the same scale as the flowing gradient
curves in Appendix B, the curve may be traced.

5.1.10 Valve Setting Depths

Basically the gas injection pressure must be slightly higher
than the tubing pressure when the valve is uncovered during
unloading operations—otherwise no gas injection will occur
and unloading operation deeper will cease. Also, when using
injection pressure operated valves, the casing pressure must
be dropped to insure the upper valve(s) close—otherwise
deeper lift is uncertain and excessive gas will be required. A
pressure drop (PD) of 25 psi in the gas injection pressure was
selected as a reasonable amount to ensure proper valve
action. Example: For a valve with a PPEF = 0.1, and using a
typical but conservative 15 psi safety factor, then: PD = 0.1 x
100 + 15 = 25 psi. This 25 psi drop is slightly higher than the
10 psi minimum, and is less than the 40 psi maximum recom-
mended as discussed in 4.9.

5.1.11 First Valve Setting Depth

5.1.11.1 The depth of the first valve can be found graphi-
cally by starting at Pwh and paralleling the 0.465 psi/ft load
fluid gradient line to the intersection with the gas injection
pressure line. To provide a small pressure differential, move
back up the hole to a depth where there is a 20 psi pressure
differential (see Figure 7). A depth of about 2475 ft results.
For a more precise depth, calculate the actual depth.

These values are then plotted on the design graph. 
See Figure 7. 

Note: If the design graph has the scale as the flowing gradient curves
in Appendix B, the curve may be traced.

5.1.11.2 Calculate the setting depth as follows: 

Tubing pressure = casing pressure – Nominal Pressure 
Differential

(or)

Maximum unloading flowing pressure =
gas injection pressure – Psf

Pwh + gs x D(1) = Pg + gg x D(1) – Psf

100 + 0.465 x D(1) = 1200 +.03 + D(1) – 20

(0.465 – 0.030) x D(1) = 1200 – 100 – 20 = 1080

D(1) = 2483 ft

(Graphically: 2475 ft)

See Appendix A for symbol definitions.

5.1.12 Subsequent Valve Setting Depths

5.1.12.1 The second valve depth can be found graphically
by starting at the flowing tubing pressure at the depth of the
first valve. A straight line is drawn parallel to the 0.465 gradi-
ent line to the intersection of the gas injection pressure minus
the selected pressure drop, PD—which is 25 psi. A surface
pressure of 1175 psig will be used for the second valve. In
locating the depth of valve 2, move back up the hole to a
depth where the gas injection pressure exceeds the unloading
line by 20 psi. Find on the design graph (Figure 8) the depth
of second valve at about 4375 ft.

5.1.12.2 To calculate the depth use the following formula:

Ppd(n) + gs x Dbv = (Pg – n x PD) + gg x (D(n) +Dbv) – Psf

Ppd(2) + gs x Dbv = (Pg – 25) + gg x (D(1) + Dbv) – Psf

400 + 0.465 x Dbv = (1200 – 1 x 25) + 0.03 x (2483 + Dbv) – 20

Dbv = [(1200 – 25) + 74.5 – 20 – 400]/(0.465 – 0.030)

Dbv(2) = 1907

D(2) = D(1) + Dbv(2) = 2483 + 1907 = 4390 ft

Depth: 0 2500 4000 5000 6000 7000 8000 ft

Pressure: 100 400 600 740 880 1030 1200 psig
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Figure 6—Gas Lift Design

0

1

2

3

4

5

6

7

8

9

10

78° 108°0 2 4 6 8 10 12 14 18 20 22 24 26 28

Pressure (100 psi)

D
ep

th
 (

10
00

 ft
)

Dw

Temp __°F

Pgd Tf = 178° Tf

0.4 psi/ft

gs

G
g

Pwh

0.465 psi/ft

Flow
ing gradient

Pg Ts Twh

COPYRIGHT 2000 American Petroleum Institute
Information Handling Services, 2000
COPYRIGHT 2000 American Petroleum Institute
Information Handling Services, 2000



RECOMMENDED PRACTICE FOR DESIGN OF CONTINUOUS FLOW GAS LIFT INSTALLATIONS USING INJECTION PRESSURE OPERATED VALVES 13

5.1.12.3 Using the same approach, find depth of third
valve graphically at a depth of about 5800 ft or calculate.

(0.435) x Dbv(3) = (1200 – 50) + (0.03 x 4390) – 20 – 650

Dbv(3) = 612/0.435 = 1407

D(3) = D(2) + Dbv(3) = 4390 + 1407 = 5797 ft

5.1.12.4 Continue using the same graphical technique or
calculation methods find subsequent valves depths as follows:

Note 1: There will be minor differences between the graph and cal-
culated values due to the difficulty of reading the graph to values
closer than 10 psi or 25 ft.

Note 2: Closer valve spacing occurs with increasing depths. Typi-
cally the designer will reach total depth or will find spacing closer
than a practical limit. The recommended minimum limit on spacing
ranges from 90 ft for a high production index well with accurate lift
depth data to 500 ft for a low productivity index well with poor
design data. A practical limit of 250 ft was selected for this well
based on economics.

5.1.13 Valve Spacing Adjustment 

5.1.13.1 Most wells will not have the valve spacing come
out exactly correct and adjustments in the setting depths are
recommended. In general, try to valve as deep as practical
and do not increase the spacing between valves significantly.
Closer spacings are best near the anticipated operating injec-
tion point. Also avoid excessive use of valves and mandrels.
Consideration should be given to possible future changes in
operating conditions. It is good design practice to add one or
more valves/mandrels for future use if total depth is not
reached.

5.1.13.2 Adjustment of the last few valve setting depths is
needed for this well. Start with the bottom valve and work
back up the hole. The perforations are from 8000 ft to 8025 ft,
which requires that the packer be set no deeper than 7970 ft.
Any mandrel should be placed about one joint above the
packer to permit tubing cutting and jarring without undue
workover difficulties. Thus the bottom valve will be set at
7940 ft.

5.1.13.3 The next to the bottom valve is affected by the
minimum spacing limit of 250 ft. Place this valve up the hole
250 ft at a depth of 7690 ft. No other adjustments are needed
for this well. The adjusted setting/spacing design is shown in
Figure 8. 

Note: The actual setting depths of the valves can easily vary by 25 ft;
and the designer needs to compensate for such alterations. In this
example the 20 psi safety factors allows for a (20/0.465) = 43-ft
deviation.

Graph Calculated

D(4) = 6775 6783

D(5) = 7425 7434

D(6) = 7825 7820 *See Adjustment to 7690 ft

D(7) = 8000 *See Adjustment to 7940 ft
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Figure 8
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5.1.14 Valve Selection

5.1.14.1 This design is for injection pressure valves. The
commonly used 1-in., unbalanced, nitrogen-charged bellows
valve was selected. This selection was based on good experi-
ence with using 1-in. valves where gas injection rates are rel-
atively low (less than 750 MCFD), and since the cost of 1-in.
valves and mandrels are less than the larger 11/2-in. valves
and mandrels. High rate wells (> 2000 BPD) may produce
better with 11/2-in. OD valves.

5.1.14.2 Since the injection gas rate will be less than 750
MCFD (the maximum available from the system), the use of
1-in. valve with a 3/16-in. ported valve will be evaluated. See
Figure 9 for gas passage for various orifice sizes. It shows
that to inject 750 MCFD through a 3/16-in. port (approxi-
mately equal to a 12/64-in. orifice), a pressure differential of

about 225 psi must exist between the downstream with an
upstream pressure of 1200 psig and slightly less for an
upstream pressure of 1400 psig. With only a 100 psi differen-
tial for an upstream pressure of 1200 psig, only 560 MCFD
can theoretically be injected (uncorrected) through a 3/16-in.
ported valve. 

Note: For more accurate answers, a temperature and gravity correc-
tion must be applied since the gas passage chart is based on a tem-
perature of 60°F and a gas gravity of 0.65.

5.1.14.3 These charts assume that the valve opens fully
and that there are no other restrictions. A 3/16-in. port
should be adequate for unloading, since pressure differen-
tials are normally high at that time. However, for the operat-
ing point, a larger port/orifice may be needed to allow for
adequate gas passage.

Gas Throughput in MCFD

Upstream Pressure in 100 psig
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Pressure base = 14.65 psia
k = Cp/Cv = 1.27
Discharge coefficient = 0.865
Thornhill-Craver equation

Note: Gas flow capacities (0–4000 MCF/D) for known upstream pressure, 
downstream pressure, and orifice size. Courtesy F.T. Focht.

Figure 9—Gas Passage Chart for Various Orifice Sizes
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5.1.14.4 A check of the manufacturer’s catalog, for this
commonly used 1-in. valve with a 3/16-in. port, shows that an
Ap/Ab ratio of about 0.094 is typical which results in a pro-
duction pressure effect factor (PPEF) = 0.104. Such data are
required in order to set the valves in the shop so that they will
operate in the well properly.

5.1.15 Valve Pressure Setting

5.1.15.1 Calculation of the valve test rack opening set
pressure, Pvo, is critical for proper gas lift design.

This is the injection pressure (P1) to open the valve in a
tester with a back (P2) equal to zero pressure and at a base
temperature of normally 60°F. The valve, in turn, should open
in the well under the desired operating pressure and tempera-
ture conditions. See API Gas Lift, page 61.

5.1.15.2 For a typical bellows valve, the balance of forces
when the valves is just ready to open is:

Pbv x Ab = P1 (Ab – Ap) + P2 x Ap

5.1.15.3 When: P2 = 0 and P1 = Pvo (in the valve tester)
then:

and, in general,

or at well conditions

and since

5.1.15.4 This formula must be corrected for temperature
and becomes:

5.1.15.5 CT may be looked up in tables (see Table A-1 in
Appendix A) or calculated at 60°F as follows:

5.1.15.6 Thus, for valve no. 1 (find CT values from Table
A-1) CT = 0.869 for 130°F.

Pvo(1) = (0.104 x 400 + 1275) x 0.869 = 1144 psig

5.1.15.7 The temperature at each valve can be calculated
as follows assuming a linear increase:

Tv(n) = Twh + D(n) x 

Tv(1) = 108 + 2475 x  = 130°F

5.1.15.8 The injection pressure can be calculated as fol-
lows:

Piod(n) = Piod(n) + gg x D(n)

Piod(1) = 1200 + 0.030 x 2475 = 1275 psig

5.1.15.9 The flowing production pressure must be deter-
mined from a gradient chart. See Appendix A.

5.1.15.10 Table 2 is a summary of the valve test rack pres-
sures. 

Pbv Ab× Pvo= Ab Ap–( )

Pvo Ab Ap–( )× P1 Ab Ap–( )= P2+ Ap×

Pvo Piod

Ppd Ap( )
Ab Ap–( )

----------------------+=

PPEF

Ap

Ab Ap–( )
----------------------=

Pvo PPEF Ppd× Piod+=

Pvo PPEF Ppd× Piod+( )= CT×

CT
1

1.0 0.00215+ T v 60–( )×
-------------------------------------------------------------=

gTpf

100
---------

0.87
100
----------

Table 2—Test Rack Pressure Calculation Sheet

Well: API Example 1 Goodwell Data Valve: Pressure Injection 1 in.

Valve Depth Tv PPEF Ppd Piod Pvo
No. ft. D. psig psig psig CT psiga

1 2475 130 0.104 x 400 = 42 + 1275 = 1317 x 0.869 = 1144

2 4375 146 0.104 x 650 = 68 + 1305 = 1373 x 0.844 = 1158

3 5800 159 0.104 x 850 = 88 + 1325 = 1413 x 0.825 = 1166

4 6775 167 0.104 x 1000 = 104 + 1330 = 1434 x 0.813 = 1166

5 7425 173 0.104 x 1100 = 114 + 1325 = 1439 x 0.805 = 1158

6 7690 175 0.104 x 1150 = 120 + 1305 = 1425 x 0.802 = 1143

7 7940 177 _______ 1200 + 1300 = 14/64 in. Orifice

aSome operators round the values off to the nearest 5 psig.
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5.1.15.11 It should be noted that the test rack pressures for
this case actually increase for the first few valves. In lower
pressure injection systems, such settings seldom occur. Arbi-
trarily dropping the test rack pressures some 10 to 20 psi for
injection pressure systems over 800 psig is not a recom-
mended design practice since it reduces injection pressure too
radically.

5.1.15.12 Before concluding the design, a check should be
made to determine if ample gas can be injected for each
valve—especially those near the injection point.

5.1.15.13 Some operators have had good success by
using an orifice in lieu of the bottom operating valve. The
orifice size should be selected with care. In this case, the
surface injection pressure must be less than 1075 psig to
ensure the upper valves do not open; thus, the pressure at
7940 ft must be less than 1315 psig. Assuming an upstream
injection pressure of 1300, and a flowing pressure of 1200
psig when producing about 800 BFPD, an orifice of 14/64-in.
size was selected to pass about 750 MCFD (uncorrected).
Applying a 1.12 temperature correction (see Correction
Factor Chart), this orifice would pass about 670 MCFD—
very close to the amount required. To vary the injection gas
volume, simply adjust the surface gas injection pressure
slightly. This approach requires close control of the surface
gas injection pressure.

5.1.15.14 The valve at 7690 ft with a 3/16-in. port should
permit the passage of about 680 MCFD. Thus operating from
7690 ft is feasible.

5.1.16 Summary

A gas lift design has been made using injection pressure
operated valves. Well data were collected and a gas lift rate
of about 800 BFPD was predicted. A gas injection rate of
about 680 MCFD will be required and the producing GLR
will be about 1200:1 SCF/BBL. A flowing surface tempera-
ture of 108°F was predicted and an injection gas gradient of
near 30 psi per thousand ft was used. A graphical design was
made supported by calculations. The spacing of the valves
indicated that six unloading valves were required to reach
the screened orifice at 7940 was predicted and an injection
gas gradient of near 30 psi per thousand ft was used. A
graphical design was made supported by calculations. The
spacing of the valves indicated that six unloading valves
were required to reach the screened orifice at 7940 ft. The
test rack pressures of the valves were calculated and a check
was made to ensure that the port size used would pass the
needed injection gas rate. An anticipated operating surface
gas injection pressure slightly less than 1075 psig will be
needed to produce 800 BFPD on continuous gas lift. After
installation, production tests should be run to optimize pro-
duction and injection gas rates.

5.2 EXAMPLE PROBLEM NO. 2—DESIGN OF A 
WELL WITH LITTLE OR NO PRODUCTION 
DATA

5.2.1 General Discussion

5.2.1.1 In many instances, a gas lift design is required
where there is little or no detailed production information.
Examples may include (a) a newly drilled well, (b) a well
worked-over to a previously unproduced sand, or (c) simply a
lack of information on currently producing wells. Regardless
of the reason for the lack of information, it becomes neces-
sary to generate a gas lift design that will work over a wide
range of producing conditions. Although an adequate design
can be formulated, the penalty cost of such a design is usually
that more equipment will have to be purchased than would be
required if better well data were available. The same design
techniques can be used in cases where well data may be avail-
able; but a wide range of flow rates must be accommodated
by a single design due to multiple through-tubing recomple-
tions to zones with different producing characteristics.

5.2.1.2 All the discussions and examples in this section will
assume tubing flow. This means that the term production pres-
sure will refer to the production pressure in the tubing; and the
term injection gas pressure, or injection pressure, will refer to
the injection gas pressure in the tubing-casing annulus.

5.2.2 Selecting the Design Flow Rate(s)

When little or no production information exists for the well
being designed, it is possible to get an idea of the flow rate by
analyzing data from other wells producing in the same reser-
voir, or by using analog well or field data. In other cases, the
design must accommodate a known range of flow rates due to
multiple through tubing recompletions within the same well-
bore. In some cases, such as a wildcat well, or a workover to a
previously unproduced zone, absolutely no information on
anticipated flow rate may be available. In cases such as these,
the designer must establish a minimum and maximum rate,
based on available data, between which he feels the proposed
well should produce. The spacing and valve settings must
then be designed to accommodate any flow rate within the
assumed range of rates. Remember that a greater range in
flow rates will require more valves.

5.2.3 Gas-Liquid Ratio

The target gas-liquid ratio (Rgl) curve for the design flow
rate(s) is selected on the basis of the total gas rate available
to lift the well, up to, but not exceeding minimum gradient.
(Minimum gradient is the Rgl beyond which additional gas
injection will not further lighten the fluid being lifted.) For
example: if the anticipated liquid flow rate is 400 BFPD, and
the maximum available rate of lift gas is 400 MSCF/D, then
the gas-liquid ratio curve for design purposes would be
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1000/1, provided this ratio is less than the minimum gradient
Rgl. However, other Rgl curves for the design flow rate may
be used as a reference to determine the rate of gas necessary
for valve transfer and sizing the ports. Remember that mini-
mum gradient is related to depth. The example shown in Fig-
ure 10 illustrates that minimum gradient for depth 1 is 800/1,
while minimum gradient for depth 4 is 1500/1. In this exam-
ple, the absolute minimum gradient for maximum depth
would be 1500/1; whereas the practical minimum gradient
for depths shallower than depth 4 will be less than the abso-
lute value of 1500/1. Using gas-liquid ratios higher than the
practical minimum gradient for your design lift depth is inef-
ficient, and would prove counterproductive.

5.2.4 Temperature Considerations

5.2.4.1 A major problem associated with designing injec-
tion pressure operated valves for multiple flow rates is tem-
perature, since the flowing temperature in the wellbore is a
function of the flow rate—which, in this case, is the unknown
parameter. It is possible to have the valves lock-out (not be
able to open) due to higher-than-design temperature if the
flowing temperature is based on a flow rate that is too low.
Higher-than-design temperature increases the dome pressure
in nitrogen charged pressure valves. If a well should produce
at a lower-than-design flow rate, the flowing temperature gra-
dient will be reduced and the valve opening pressures will be
lowered, making valve interference possible.

5.2.4.2 Several options exist for selecting the flowing sur-
face temperature for multiple flowrate designs. They include:

a. Assume a flowing surface temperature based on your best
guess of the initial flow rate, and be prepared to pull and reset
the valves when production data is obtained (if necessary).
b. Assume an average flowing surface temperature where the
range between the anticipated high and low producing rates is
not too great (i.e., low = 400 BFPD, and high = 800 BFPD,
etc.—use 600 BFPD for flowing temperature estimate).
c. Where the difference between the range of possible flow
rates is large, it may be necessary to use a flowing surface
temperature above the average to prevent valve lock-out (i.e.,
low = 200 BFPD, and high = 1000 BFPD—use 700 or 800
BFPD for flowing temperature estimate). 

5.2.4.3 In reality, there is the risk of having to pull the
valves and reset them based on actual data when the well is
placed on production. This risk increases as the validity of the
design information decreases.

5.2.5 Use of Retrievable Equipment

While it is a good practice to use retrievable equipment in
areas where workover costs are high, it is especially impor-
tant to use retrievable valves when designing wells for a wide
range of flow rates. This will allow the flexibility of being

able to pull and reset the valves for optimum performance
once production data is available. Major problems may
thereby be avoided as long as the spacing between the valves
was designed to accommodate the target flow rates.

5.2.6 Port Size

The gas lift valve ports should be sized to pass the objec-
tive rate of gas as dictated by the Gas-Liquid Ratio (Rgl)
curve being used. The total required injection gas rate is
defined by multiplying the total fluid rate in BFPD times the
Rgl. In the design method discussed in the following pages, it
is important to remember that the calculated pressure drops
between valves are significantly affected by the port size
selected. So where operating injection pressure is limited and
the pressure drops must be minimized to save lift energy, use
the smallest port that will pass the required rate of gas. This
will also minimize the possibility of inadvertently overinject-
ing gas.

5.2.7 Injection Pressure Drops

As discussed previously, the injection pressure drops
between successively deeper valves is the mechanism
whereby valve interference is deterred. One approach to
accomplish this is to set each successively deeper valve to
open at the closing pressure of the valve above it. This unfor-
tunately results in massive loss of operating injection pres-
sure. Selecting arbitrarily low injection pressure drops of 5
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psi, 10 psi, etc., is likely to result in a higher incidence of
valve interference depending on the port size being used,
whereas selecting arbitrarily large injection pressure drops of
50 psi, or higher, will result in loss of lift energy and may
cause operation much higher up the hole than would other-
wise be necessary.

The following method offers a rational way of selecting
injection pressure drops which falls in between these two
extremes. It also takes port size into consideration, which is
important because larger ported valves with high production
pressure effect factors are more likely to cause valve interfer-
ence and therefore require larger injection pressure drops than
smaller ported valves. The rationale behind this method of
calculating the required pressure drop is discussed in the next
few paragraphs.

5.2.7.1 Calculating Injection Pressure Drop—
Minimum Injection Pressure Drop

5.2.7.1.1 This method is applicable where low operating
injection pressure or widely spaced mandrels require the
maximum use of available injection pressure. An alternate
method which utilizes more safety factors is also discussed
following the first method. The alternate procedure is applica-
ble where there is adequate injection pressure and/or properly
spaced mandrels for the well being designed.

5.2.7.1.2 Although injection pressure operated valves open
primarily on injection pressure, a percentage of the opening
force comes from the production pressure. The amount of
opening force supplied by the production pressure is a func-
tion of the port size. The effective amount of opening pres-
sure (Peo) supplied by the production pressure is defined by
the equation:

5.2.7.1.3 For a gas lift valve of a given outside diameter, d,
the production pressure effect factor (PPEF) increases with
increasing port size. In other words—as the port size
increases, a greater percentage of the production pressure is
effectively acting to open the valve. The importance of the
above is shown in Figure 11A. Notice that the injection pres-
sure is a controllable variable, and Pwh is also controllable to
a degree, as long as a sufficiently high, or safe, value of Pwh is
assumed. The uncontrollable variable is the production pres-
sure downhole since it increases with rate, and the rate is the
unknown factor in this example. Also notice that as the flow
rate increases, the effective production pressure trying to
open the gas lift valve increases as well. Larger ports will
contribute a higher percentage of this increase in production
pressure to the opening of the valve. With a fixed injection

gas pressure, unexpected increases in production pressure can
cause upper unloading valves to reopen and interfere with the
proper operation of the well. Injection gas pressure drops are
taken to prevent this from happening.

5.2.7.1.4 Since the uncontrollable variable is the produc-
tion pressure, it is important to approximate the maximum
amount it could increase. Also, since the flowing gradient
curve for any rate is a curved line, it could never be greater
than a straight line between the flowing wellhead pressure (A)
and the injection pressure at which gas will be introduced into
the tubing (tubing flow) at the second valve (see Figure 11B).
As a result, the maximum possible flowing production pres-
sure at valve 1, regardless of the flow rate, is defined by the
point shown in Figure 11B as Pmax1, If we know the maxi-
mum production pressure increase possible at valve 1, and we
know the production pressure effect factor of the valve; the
amount of effective reopening pressure caused by this poten-
tial increase in production pressure can be calculated by the
equation:  

PD = (Pmax – Pmin) x PPEF

5.2.7.1.5 Set valve 2 to operate at a casing pressure low-
ered by the amount calculated: Pio2 = Pio1 – PD. We can
ensure that valve 1 will not reopen and interfere, regardless of
fluctuations in the flow rate (assuming that a safe value of Pwh

Peo =
Effective
Opening
Pressure

= Prod. Pressure 
Effect Factor x

Production
Pressure Acting 

on Valve

Peo = PPEF x Ppd

Figure 11A
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was selected). Since the difference in Pmin and Pmax is multi-
plied by the production pressure effect factor, it can easily be
seen that larger ports with high production pressure effect fac-
tors will require much higher injection pressure drops than
smaller ported valves. Using the smallest port that will pro-
vide the required gas passage will minimize the loss of lift
energy by minimizing the injection pressure drop required.
Pressure drops for subsequent valves are calculated in the
same manner (Figures 11C and 11D). See the design exam-
ples for specific details. 

5.2.7.2 Calculating Injection Pressure Drop with 
Safety Factor

5.2.7.2.1 In cases where the gas lift system injection pres-
sure is significantly above the minimum injection pressure
required for the well being designed, a greater safety factor
can be allowed in the injection pressure drops taken between
valves. Larger injection pressure drops taken between valves
minimize the chance of valve interference. The preceding
section dealt with the minimum injection pressure drop
required between valves. Where the available injection pres-
sure allows more safety factor, add additional amounts of
pressure drop to those calculated by the previously discussed
procedure as shown below:

PD = (Pmax – Pmin) x PPEF + Safety FactorFigure 11B

Figure 11C
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5.2.7.3 Notes on Using Pmax in Designing a Well 
for Multiple Flow Rates

5.2.7.3.1 At a given injection pressure, wellhead pressure,
and flow rate (single flow rate), there is an assumed value of
Pmax for each valve: Pmax is the production pressure at which
that particular valve may reopen with existing injection pres-
sure. In Figure 11E it can be seen that the reopening produc-
tion pressure (Pmax) for valves 1 through 4 is above the actual
production pressure represented by the objective gradient
curve. As a result, valves 1 through 4 are closed. Valve 5 is
open because the production pressure defined by the objective
gradient curve at valve 5 is greater than the production pres-
sure required to open the valve (Pmax) with the existing injec-
tion pressure (Pio5). In this case, valve 6 is open; however,
insufficient differential pressure exists between the tubing and
the casing to inject the required gas through the valve.

5.2.7.3.2 Figure 11F shows how the use of Pmax can be
helpful in designing for multiple flow rates. Note the loca-
tions of Pmax for each valve in relation to the three flowing
gradient curves shown, remembering that Pmax at a given
valve is the production pressure at which that valve will open
(with a given injection pressure and an operating tempera-
ture.) If the well should flow at the high rate, operation would
be from valve 2 since the production pressure at the high rate
exceeds Pmax at valve 2. The flowing production pressure at
valve 1 at the high rate does not exceed the Pmax at valve 1; so
valve l is closed. Valve 3 will be open but no gas can be
injected at valve 3 (at the high rate) since the production pres-
sure exceeds the injection gas pressure. If the well should
produce at the intermediate rate, operation would be from
valve 4 for the same reasons as above. At the low rate, opera-
tion would be from valve 6. In the multiple flow rate design it
may be necessary to move the design line by shifting point A
to the right or left to achieve the desired location of Pmax var-
ious gradient curves. Equations for the selection of points A
and B are discussed in detail in 5.2.9.4.  

5.2.8 Unloading Differential Safety Factors

It is considered good practice to space each gas lift valve on
slightly less than the design injection gas pressure at valve
depth (Piod) as a safety factor to insure unloading. A pressure
value of 20 psi to 50 psi is normally used (see Figure 12). The
higher the value, the more safety factor is introduced into the
design. This 20 psi to 50 psi differential at a given valve can be
taken from the section pressure being maintained by the valve
above it (in this case Pio1), since the upper valve will maintain
this pressure until valve transfer is achieved. (Another similar
approach is to take a 50 ft to 100 ft decrease in spacing.)  

5.2.8.1 Unloading Gradient

5.2.8.1.1 Valves are commonly spaced based on the gradi-
ent of the kill fluid used when the equipment was installed, or
the gradient of the produced water—whichever is heavier.

Figure 11E
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The purpose of this practice is to allow the well to unload
with available gas lift pressure, without having to swab it in.
It is not a good practice to space a design on an oil gradient
even if the well is expected to produce 100% oil initially
because:

a. The kill fluid used when the valves are installed is heavier
than oil and must be unloaded.
b. The valves will be too widely spaced when the well begins
to produce water and the fluid gradient becomes heavier than
an oil gradient.

5.2.8.1.2 A gradient of 0.465 psi/ft is most commonly used
on the Gulf of Mexico coast (since this is the gradient of most
produced saltwater in this area). However, the gradient is
higher for heavier than normal kill fluids or produced fluids. If
the fluid gradient is unknown, it can be calculated as follows:

Static gradient = Weight of kill fluid in lb/gal x 0.052

5.2.8.1.3 Following workover operations, some operators
circulate out the heavy kill fluid with a lighter fluid so that a
wider spacing (and fewer valves) can be achieved. This prac-
tice involves some risk where conventional (tubing retriev-
able) valves are run, since the circulating process involves the
possibility of cutting out the valve seats.

5.2.8.1.4 Regardless of the unloading fluid gradient
selected, a well can be designed to unload against either the
separator pressure or the anticipated flowing wellhead pres-
sure that will be present when the well is producing (Pwh).
Unloading against separator pressure is permitted for the first
valve because the wellhead pressure will not increase signifi-
cantly until gas is injected through the first valve. Some
designers prefer to space against the Pwh as a safety factor.
Figure 13 illustrates how valve 1 can be run at a greater depth
when spacing against separator pressure (1B) as compared
with spacing against Pwh (lA).

5.2.9 Multiple Flow Rate Design Procedure

5.2.9.1 Plot the separator pressure (Psep), flowing wellhead
pressure (Pwh), and operating injection gas pressure (Pio1), as
illustrated in Figure 14A, on graph paper.  

5.2.9.2 Establish the minimum and maximum flow rates
between which the well is likely to produce.

5.2.9.3 Plot the flowing gradient curves for the rates within
the range of rates determined above. Use the Rg1 curve for
each rate which describes the available gas volume or practi-
cal minimum gradient, whichever is less.

5.2.9.4 Construct a design line between points A and B as
shown in Figure 14B. Points A and B are defined as follows: 

Point A = (Pio1 – Pwh) (0.2) + Pwh

Point B = Piod – 150

Figure 12

Figure 13
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Example:

Point A = (900 – 160) (0.2) + 160 = 308 psi (Surface)

Example:

Point B = 1040 – 150 = 890 psi (TD)

Note: If the low flow rate curve does not intersect Pio1 at maximum
valve depth (falls to the left of the Pio1), point B can be the value of
Ppd defined by the low rate gradient curve provided that this value is
at least 150 psi less than Piod1. The design line is to be used as a gen-
eral guide only. It may be necessary to shift points A and B to the
right or left depending on the specific case.

5.2.9.5 Construct an unloading gradient line from the sepa-
rator pressure or Pwh to valve 1 as shown in Figure 14C.
Remember to allow for the 20 psi to 50 psi unloading differ-
ential safety factor, as discussed in 5.2.8.1. Use the gradient
of the kill fluid or produced saltwater, whichever is heavier.

The gradient can be determined as follows:

Unloading gradient = Kill fluid weight in lb/gal x 0.052

Example:

Unloading gradient = 8.94 ppg x 0.052 psi/ft/ppg = 0.465 psi/ft

5.2.9.6 In order to size the port for valve 1, the required gas
passage must be calculated. The gradient curve that intersects
Pmin (design line at valve 1) will indicate the volume of gas
necessary for transfer. As shown in Figure 14C, the high rate
curve intersects this point. The gas passage required would be:

Gas volume required = Rgl Required x Flow Rate

Example:

Gas
volume = 

required 

Generally, larger ports will be required for valves when
using a multi-rate design as compared to single flow rate
designs. Every valve might be a possible operating valve and
must therefore be able to pass the total required gas rate. The
production pressure effect factor (PPEF) for the calculated
port size will be used to determine the required injection pres-
sure drop. The port sizes for subsequent valves are deter-
mined by the same procedure.  

5.2.9.7 Space to valve 2, starting from the intersection of
the design line and the valve 1 line (Pmin). Allow for the 20 to
50 psi unloading differential safety factor as before. It is
acceptable to space to valve 2 using the Pio1 injection pres-
sure line because valve 1 will maintain this injection pressure
(Pio1) until valve 2 is uncovered in the loading sequence.

Figure 14A

Figure 14B

Pressure

D
ep

th

Psep Pwh = 160 psi Pio1 = 900 psi

Piod = 1040 psi

Low rate

Intermediate
rate(s)

High rate

Pressure

D
ep

th

Psep Pwh Pio1 = 900 psi

Piod = 1040 psi

Low rate
890 psi

150# ∆P

Intermediate
rate(s)

High rate

160 psi

A

B

D
esign line

400 scf bbl⁄ 800 BPD
1000

-----------------------× 320 MSCF/D=

COPYRIGHT 2000 American Petroleum Institute
Information Handling Services, 2000
COPYRIGHT 2000 American Petroleum Institute
Information Handling Services, 2000



24 API  RECOMMENDED PRACTICE 11V6

5.2.9.8 Next, determine the injection pressure drop
required to prevent valve 1 from reopening. To do this Pmax at
valve 1 is determined. Pmax is the intersection of the valve 1
line and a straight line extended between point C and the Pwh
as shown in Figure 14D. Note that Pmax is greater than the
flowing production pressure at the high rate, indicating that
valve 1 will remain closed after the initial unloading, and at
any production rate less than the anticipated high rate.

5.2.9.9 The required injection pressure drop is calculated
by the equation: (assume a 1-in. valve with a 3/16-in. port)
PPEF = 0.101.

PD = (Pmax – Pmin) x PPEF + Safety Factor

Example:

PD1 = (650 – 460) (0.101) + 10 = 29 psi

Note: Where low injection pressure or wide mandrel spacings are
encountered it may be necessary to reduce or eliminate the safety
factor as discussed in previous sections.

5.2.9.10 Plot the new injection pressure at which valve 2
will operate (Pio2):

Pio2 = Pio1 – PD1

Example:

Pio2 = 900 – 29 = 871 psi

5.2.9.11 Space to valve 3, starting from Pmin at valve 2
(intersection of valve 2 and design line), allowing an unload-
ing differential safety factor as before. Spacing to valve 3
using Pio2 is valid since valve 2 will maintain Pio2 until valve
3 is uncovered (see Figure 14E).

5.2.9.12 Next, determine the injection pressure drop
required to prevent valve 2 from reopening. To locate Pmax at
valve 2 extend a line between point D and the Pwh as before.
Pmax for valve 2 will be at the intersection of this line and the
valve 2 line. Note that Pmax is still greater than the flowing
pressure at the high rate. As a result, valve 2 will also remain
closed at any rate less than the high rate, after the initial
unloading has occurred.  

5.2.9.13 The required injection pressure drop is calculated
using the same equation used in step 9.9.

PD2 = (Pmax – Pmin) (PPEF) + Safety Factor

Using the data from Example 2A:

PD2 = (740 – 545) x (0.101) + 10 = 30 psi

Figure 14C
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5.2.9.14 Plot the new injection pressure at which valve 3
will operate (Pio3) as shown in Figure 14F.

Pio3 = Pio2 – PD2

Pio3 = 871 – 30 = 841 psi

5.2.9.15 Space to valve 4 starting from Pmin at valve 3 as
before. Allow for the 20–50 psi unloading differential safety
factor.

5.2.9.16 Determine the location of Pmax at valve 3 by
extending a line from point E to the Pwh. As seen in Figure
14F, Pmax at valve 3 will be the intersection of this line and
the valve 3 line. Note that Pmax at valve 3 is less than the pro-
duction pressure described by the high rate curve at valve 3.
This means that valve 3 will be open at the high rate. Valves 1
and 2 will be closed since the previously assigned values of
Pmax at these valve depths are greater than the production
pressure that will exist at the respective depths when the well
is producing at the high rate. Gas cannot be injected at valve 4
at the high rate since the production pressure existing at this
depth is greater than the injection pressure (at the high flow
rate). Calculate the new injection pressure at which valve 4
will operate. The surface operating injection pressure for
valve 4 is calculated by:

Pio4 = Pio3 – (Pmax – Pmin) (PPEF) + SF

or
Pio4 = Pio3 – PD3

Note: Remember that it may be necessary to shift point A to the right
or left on a trial and error basis to achieve the desired values of Pmax
that will insure single point injection at the target flow rates.

5.2.9.17 Plot the new injection pressure at which valve 4
will operate as shown in Figure 14G.  

5.2.9.18 Space to valve 5 starting from Pmin at valve 4.
Allow for the 20–50 psi unloading differential safety factor.
Use the same technique to determine Pmax at valve 4 (a line
between point F and Pwh. See Figure 14G). Determine the
required injection pressure drop using Pmax and Pmin as previ-
ously discussed.

Plot the new injection pressure line for valve 5, and con-
tinue spacing additional valves, using the same techniques,
until a differential of 100 psi exists between the low rate gra-
dient curve and the injection pressure line of the last valve
(see Figure 14H). There is no need to valve deeper than this
since insufficient pressure differential will exist between the
tubing and casing to inject gas. Valving deeper may be
required if loss of static reservoir pressure or decrease in PI
are anticipated over the life of the well. It is a good design
practice to add one or two valves/mandrels for future use.
Note how the locations of Pmax allow for single point injec-
tion at each of the three target rates.

5.2.9.19 Plot the depth of the perforations on the design
graph.
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5.2.9.20 Plot the surface flowing temperature (Twh) and the
static bottom hole temperature (Tf). Connect these two points
to derive a flowing temperature at each valve depth Tv(1) to
Tv(6) (see Figure 14I). 

5.2.9.21 In order to determine the valve test rack opening
pressures at a reference temperature of 60°F, it will be neces-
sary to use the temperature conversion factors for nitrogen
charged domes (CT).

Valve set pressures will be based on production pressure
loads from the design line (Pmin1 to Pmin6), and injection
pressures from each valve depth (Piod1 to Piod6) as follows:

Pvo = TRO at 60°F = [(Pmin) x (PPEF) + Piod] CT

5.2.9.22 The bottom valve may be flagged by assigning a
low value for the production pressure load rather than using
Pmin from the design line. This assigned production load
should be lower than the anticipated production pressure as
defined by the vertical flowing gradient curve of the lowest
rate at which the well is likely to produce. For a detailed dis-
cussion of selecting the flag load, see 4.11. The important
thing is that the bottom valve open at a significantly lower
pressure than the other valves to give a positive surface indi-
cation of operating from the bottom valve. An orifice can be
used on bottom to serve the same purpose.Figure 14G
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5.2.10 Details for Example Problem 2—Minimum 
Injection Pressure Drops

5.2.10.1 The given data for this design is listed on the Gas
Lift Well Data Sheet (Figure 15). No production data were
available for this well, so the design must accommodate a
range of flow rates. For this example, the range of rates is
from 400 bbl/day to 800 bbl/day.

5.2.10.2 Things to remember prior to designing include the
following:

a. There is a limit of 400 MSCF/D injection gas, so don’t use
more than this amount. Less injection gas can be used when
near-minimum gradient conditions are met.
b. The maximum design valve depth will be based on having
a 100 psi differential between the tubing and casing (at the
low flow rate) so that gas can be injected.
c. Injection pressure operated valves are used. The PPEF val-
ues for the valves used are given on the well data sheet.

5.2.10.3 Significant points concerning the design include
the following: 

a. The flowing surface temperature was based on the average
flow rate (600 bbl/d) since the range between the anticipated
high and low rate is small. See 4.1 for a detailed discussion of
temperature considerations.
b. Using the minimum required injection drop, the well was
valved to 5425 ft, resulting in a loss of 103 psi operating pres-
sure, and requiring 7 valves.

5.2.11 Details in Example Problem 2A—Additional 
Safety Factor in Calculating Injection 
Pressure Drops

5.2.11.1 The given data is identical to the previously
worked Example 2. The only difference is that additional
safety factor will be taken as discussed below.

5.2.11.2 Things to remember prior to designing are the fol-
lowing:

a. The design line is the same as Example 2.
b. An additional safety factor will be used to calculate the
required injection pressure drops.
c. The initial spacing of valves 1 and 2 will be the same as
the previous example since the same Pio1, is used and the fact
that valve 1 will maintain Pio1 until valve 2 is uncovered.
Subsequent valve spacings will change since the injection
pressure drops taken between valves is greater.

5.2.11.3 Significant points concerning the design are as
follows:

a. While additional insurance against valve interference is
gained by allowing greater injection pressure drops, there is
also a greater loss of operating injection pressure. In this

example, 131 psi of operating pressure was lost compared to
103 psi in the previous example.
b. Example 2 resulted in one less gas lift valve since the 100
psi minimum required differential for gas injection (at the low
rate) was reached much sooner due to the additional loss of
operating pressure. The additional safety factor also resulted
in not being able to lift as deep as in design Example 2.
Example 2A, using the greater safety factors, valved the well
to only 4850 ft, compared to 5425 ft in Example 2.

5.3 EXAMPLE PROBLEM NO. 3—DESIGN OF A 
TYPICAL OFFSHORE WELL WITH GOOD 
PRODUCTION DATA AND THE MANDRELS 
ALREADY SPACED

5.3.1 General

A typical gas lift problem is one when an adequate design
must be made where the mandrels have previously been
spaced and installed. This problem often occurs for com-
pleted flowing wells that will no longer flow at sufficient rates
or not at all and for existing gas lift wells that are not produc-
ing at near maximum rates. The following is a case for a
directional well where the mandrels have been run but are not
ideally spaced. 

5.3.2 Well Data

5.3.2.1 The well was completed using 2-in. nominal side
pocket mandrels with dummies installed in the receiving
pockets. A schematic plot of the well as shown in Figure 19
should be made. 

Note: The well is directional; being straight to 1,500 ft and then hav-
ing a 41° angle from 2450 ft (Dm) to total depth. All measurements
were corrected from measured depths (Dm) to true vertical depths
(Dtv), with both mandrel depths being noted on the schematic. In
most cases, the gas lift design should be based on true vertical
depths rather than measured depth in determining flowing pressures
since the head components are usually much greater than the friction
components.

5.3.2.2 The well flowed for some period, but the water
increased from 0% to about 50%; and the well now tends to
load up and die. The water cut is expected to continue to
increase over time to cuts in excess of 90%. The productivity
index (PI = J) is expected to change only slightly with
increasing water cuts. (There may be some relative perme-
ability and viscosity changes.) In the near future, the well’s
current producing conditions are not expected to change sig-
nificantly. The Gas Lift Well Data Sheet with the well infor-
mation, shown in Figure 20, was filled out.

5.3.3 Bubble Point

In this small field, no produced oil PVT samples were
taken. To determine rates in typical wells, the bubble point
(Pb) is often needed in order to predict production rates
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Figure 15—Data Sheet Example 2

Company __________________________________________ Address __________________________________
__________________________________
__________________________________

A. Well Completion Data
* 1. Field name:__________________________________________________________________________
* 2. Lease name and well no.: _______________________________________________________________

3. Producing formation: ________________________________________ Lithology: _________________
* 4. Casing: ______________ in.  OD; _______________ #/ft; ___________  Grade;  _______________ ft

5. Liner: _______________  in.  OD; _______________ #/ft; ___________  Grade; _______________ ft
6. Open hole: (yes/no) _________________________  Gravel pack (yes/no) ________________________

* 7. Well reference depth (Dtv/Dm):  _______________________ / _____________________________ ft
* 8. Perf. Interval (Dtv/Dm) ______________________________________________________________ ft

9. Packer: ______________________________________ (Dtv/Dm) ____________  / ______________ ft
* 10. TBG LGT __________ft;  OD _________ in.;  WT. ___________ lb/ft;  Grade _______ THD _______

11. SSSV: (type) __________________________; Depth _____________ ft; Bore _________________in.
12. Wellhead bore (ID): ____________________________________ in.;  WP ____________________ psi
13. Choke: (type) ____________________________;   Size max. ID ________________________ / 64 in.
14. Flowline: size ID ______________________________ in.   Length: __________________________ft
15. Well profile: (Dtv/Dm or deg) ___________________________________________________________

____________________________________________________________________________________

B. Reservoir, Test and Production Data
* 16. Test date: __________; (qo) ___________ BOPD: (qw) __________ BWPD (qg) = __________ MCFD
* 17. Water cut (fw): __________________;  Formation GOR (R):_____________  (Rgl):_______________
* 18. Flowing WHP (Pwh) _________________  psig;  Separator pressure (Psep) __________________ psig
* 19. Static BHP (Pws): ___________________________ psig @ ________________________________ft

20. Static fluid level  _______________ ft & Pwh _________________  psig & gw ______________ psi/ft
* 21. Flow BHP (Pwf): _____________________ psig @ _________________ ft @ ql ___________ BLPD
* 22. Oil gravity __________________________  deg API;  Water SG (SGw) ________________________
* 23. Formation gas SG (SGg): ____________________; BH temp (Tf) ____________ °F @ ___________ft
* 24. Static surf. temp (Ts): _____________________°F; Flow surf. temp (Twh): ____________________ °F
* 25. Bubble point (Pb): ________________ psig;  PI (J): _______________ BPD/psi; Flow eff __________

26. Sand (yes/no) _______________;  Paraffin (yes/no) _______________; Scale (yes/no)______________
27. H2S (yes/no) _______________;  CO2 (yes/no) _______________;  Emulsion (yes/no) _____________
28. Other unusual lift problems ______________________________________________________________

C. Design Information
* 29. Tubing/Annulus flow _________________________ Space/set/run WL valves ___________________
* 30. Production rate (q1): min_______________ max _________________ design _______________ BPD
* 31. Max water cut _______________;  Max lift depth ______________ ft;   Min BHP ____________ psig
* 32. Well inj. pres (Pg): ______________________  psig:  Operating pressure (Pio)________________ psig

33. Compressor discharge pressure _________________________  psig; Pko ___________________  psig
* 34. Inj. gas temp (Tgs) _______________________ °F    Inj gas SG (SGi) ___________________________
* 35. Inj. gas volume: max/unloading/design  _________________________________________Rgli/MCFD
* 36. Load fluid grad (gs): ________________________  psi/ft; Lower grad (gfb)__________________ psi/ft
* 37. Min spacing of valves _____________________ ft;  Min pressure drop (PD) _________________  psi
* 38. Design flow press (Pwh) _________________  psig;  Design flow temp (Twh) ___________________ °F

39. Gas lift mandrel: _____________________________________________________________________
* 40. Gas lift valve (mfg & type): ____________________________________________________________

41. Gas lift valve description  ______________________________________________________________
42. Other _______________________________________________________________________________

Remarks: ____________________________________________________________________________________
____________________________________________________________________________________

By: _______________________________________________________ Date: __________________________
*Indicates data that must be supplied for good design.

COPYRIGHT 2000 American Petroleum Institute
Information Handling Services, 2000
COPYRIGHT 2000 American Petroleum Institute
Information Handling Services, 2000



RECOMMENDED PRACTICE FOR DESIGN OF CONTINUOUS FLOW GAS LIFT INSTALLATIONS USING INJECTION PRESSURE OPERATED VALVES 29

Figure 16—Example Problem 2
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Figure 17—Data Sheet Example 2A

Company __________________________________________ Address _________________________________
_________________________________
_________________________________

A. Well Completion Data
* 1. Field name:__________________________________________________________________________
* 2. Lease name and well no.: _______________________________________________________________

3. Producing formation: ________________________________________ Lithology: _________________
* 4. Casing: ______________ in.  OD; _______________ #/ft; ___________  Grade;  _______________ ft

5. Liner: _______________  in.  OD; _______________ #/ft; ___________  Grade; _______________ ft
6. Open hole: (yes/no) _________________________  Gravel pack (yes/no) ________________________

* 7. Well reference depth (Dtv/Dm):  _______________________ / _____________________________ ft
* 8. Perf. Interval (Dtv/Dm) ______________________________________________________________ ft

9. Packer: ______________________________________ (Dtv/Dm) ____________  / ______________ ft
* 10. TBG LGT _________ft;  OD _________ in.;  WT. ___________ lb/ft;  Grade _______ THD _______

11. SSSV: (type) __________________________; Depth _____________ ft; Bore _________________in.
12. Wellhead bore (ID): ______________________________________ in.;  WP _________________ psi
13. Choke: (type) ____________________________;   Size max. ID ________________________ / 64 in.
14. Flowline: size ID ______________________________ in.   Length: __________________________ft
15. Well profile: (Dtv/Dm or deg) ___________________________________________________________

____________________________________________________________________________________

B. Reservoir, Test and Production Data
* 16. Test date: __________; (qo) ___________ BOPD: (qw) __________ BWPD (qg) = __________ MCFD
* 17. Water cut (fw): __________________;  Formation GOR (R):_____________;  (Rgl):_______________
* 18. Flowing WHP (Pwh) _________________  psig;  Separator pressure (Psep) __________________ psig
* 19. Static BHP (Pws): ___________________________ psig @ ________________________________ft

20. Static fluid level  _______________ ft & Pwh _________________  psig & gw ______________ psi/ft
* 21. Flow BHP (Pwf): _____________________ psig @ _________________ ft @ ql ___________ BLPD
* 22. Oil gravity __________________________  deg API;  Water SG (SGw) ________________________
* 23. Formation gas SG (SGg): ____________________; BH temp (Tf) ____________ °F @ ___________ft
* 24. Static surf. temp (Ts): _______________________  Flow surf. temp (Twh): ____________________ °F
* 25. Bubble point (Pb): ________________ psig;  PI (J): ______________ BPD/psi; Flow eff __________

26. Sand (yes/no) _______________;  Paraffin (yes/no) _______________; Scale (yes/no)______________
27. H2S (yes/no) _______________;  CO2 (yes/no) _______________;  Emulsion (yes/no) _____________
28. Other unusual lift problems ______________________________________________________________

C. Design Information
* 29. Tubing/Annulus flow ________________________ Space/set/run WL valves ____________________
* 30. Production rate (q1): min_______________ max _________________ design _______________ BPD
* 31. Max water cut _______________;  Max lift depth ______________ ft;   Min BHP ____________ psig
* 32. Well inj. pres (Pg): ______________________  psig:  Operating pressure (Pio)________________ psig

33. Compressor discharge pressure _________________________  psig; Pko ___________________  psig
* 34. Inj. gas temp (Tgs) _______________________ °F    Inj gas SG (SGi) ___________________________
* 35. Inj. gas volume: max/unloading/design  _________________________________________Rgli/MCFD
* 36. Load fluid grad (gs): ________________________  psi/ft; Lower grad (gfb)__________________ psi/ft
* 37. Min spacing of valves _____________________ ft;  Min pressure drop (PD) _________________  psi
* 38. Design flow press (Pwh) _________________  psig;  Design flow temp (Twh) ___________________ °F

39. Gas lift mandrel: _____________________________________________________________________
* 40. Gas lift valve (mfg & type): ____________________________________________________________

41. Gas lift valve description  ______________________________________________________________
42. Other ______________________________________________________________________________

Remarks: ____________________________________________________________________________________
____________________________________________________________________________________

By: _______________________________________________________ Date: __________________________
*Indicates data that must be supplied for good design.
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Figure 18—Example Problem 2A
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(below the bubble point) more accurately. The bubble point
can be easily found using Standing’s nomograph.

Find: P = 1515 psia or 1500 psig.

5.3.4 Well Inflow 

5.3.4.1 An Inflow Performance Graph (IPR) needs to be
developed for the well. A straight line productivity index (J)
was assumed above the bubble point. For flow below the bub-
ble point, a Vogel IPR approach will be used; however, other
approaches such as Fetkovitch, can be used. To use the Vogel
IPR equation, a good well production test and a flowing bot-
tom hole pressure are needed. No flowing surveys were avail-
able. A good stable test was made and available gradient
curves3 were used to predict the flowing bottom hole pressure.

5.3.4.2 Calculate flowing bottom hole pressure: 

Well Test: Oil Rate: 99 BOPD
Water Rate: 101 BWPD
Gas Rate: 40 MCFD
Flowing Wellhead Pressure: 120 psig
Oil API Gravity: 35
Water Specific Gravity: 1.07
Flowing Surface Temperature: 100°F

Find: Rgl =

5.3.4.3 Select the Vertical Flowing Pressure Gradient
Curve that most closely matches well flowing conditions.3 Of
primary importance is the selection of the correct tubing size
and the nearest oil to water ratio. Next, select a close match of

3Use available gradient curves that give reasonable answers for the
actual field of interest. In this example, the Hagedorn and Brown
correlation was used.

0

1

2

3

4

5

6

7

8

9

10

0 2 4 6 8 10 12 14 16 18 20 22 24 26 28
Pressure (100 psig)

D
ep

th
 (

10
00

 ft
)

1500/1500

Dtv/Dm

2350/2450

3460/3921

4345/5094

5000/5962

5500/6624

6000/7287

6500/7949

7000/8612

7500/9274

7900/9804

8000/9936

Figure 19—Example Problem 3
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Figure 20—Data Sheet Example 3

Company __________________________________________ Address __________________________________
__________________________________
__________________________________

A. Well Completion Data
* 1. Field name:__________________________________________________________________________
* 2 Lease name and well no.: _______________________________________________________________

3. Producing formation: ________________________________________ Lithology: _________________
* 4. Casing: ______________ in.  OD; _______________ #/ft; ___________  Grade;  _______________ ft

5. Liner: _______________  in.  OD; _______________ #/ft; ___________  Grade; _______________ ft
6. Open hole: (yes/no) _________________________  Gravel pack (yes/no) ________________________

* 7. Well reference depth (Dtv/Dm):  _______________________ / _____________________________ ft
* 8. Perf. Interval (Dtv/Dm) ______________________________________________________________ ft

9. Packer: ______________________________________ (Dtv/Dm) ____________  / ______________ ft
* 10. TBG LGT __________ft:  OD _________ in:  WT. ___________ lb/ft:  Grade _______ THD _______

11. SSSV: (type) __________________________; Depth _____________ ft; Bore _________________in.
12. Wellhead misc: _________________; (Bore ID) ___________________ in.;  WP ______________ psi
13. Choke: (type) ____________________________;   Size max. ID ________________________ / 64 in.
14. Flowline: size ID ______________________________ in.   Length: __________________________ft
15. Well profile: (Dtv/Dm or deg) ___________________________________________________________

____________________________________________________________________________________

B. Reservoir, Test and Production Data
* 16. Test date: __________; (qo) ___________ BOPD: (qw) __________ BWPD (qg) = __________ MCFD
* 17. Water cut (fw): __________________;  Formation GOR (R):_____________  (Rgl):_______________
* 18. Flowing WHP (Pwh) _________________  psig;  Separator pressure (Psep) __________________ psig
* 19. Static BHP (Pws): ___________________________ psig @ ________________________________ft

20. Static fluid level  _______________ ft & Pwh _________________  psig & gw ______________ psi/ft
* 21. Flow BHP (Pwf): _____________________ psig @ _________________ ft @ ql ___________ BLPD
* 22. Oil gravity __________________________  deg API;  Water SG (SGw) ________________________
* 23. Formation gas SG (SGg): ____________________; BH temp (Tf) ____________ °F @ ___________ft
* 24. Static surf. temp (Ts): _______________________  Flow surf. temp (Twh): ____________________ °F
* 25. Bubble point (Pb): _________________ psig  PI (J): _______________ BPD/psi Flow eff __________

26. Sand (yes/no) _______________;  Paraffin (yes/no) _______________; Scale (yes/no)______________
27. H2S (yes/no) _______________;  CO2 (yes/no) _______________;  Emulsion (yes/no) _____________
28. Other unusual lift problems ______________________________________________________________

C. Design Information
* 29. Tubing/Annulus flow _________________________ Space/set/run WL valves ____________________
* 30. Production rate (q1): min_______________ max _________________ design _______________ BPD
* 31. Max water cut _______________;  Max lift depth ______________ ft;   Min BHP ____________ psig
* 32. Well inj. pres (Pg): ______________________  psig;  Operating pressure (Pio)________________ psig

33. Compressor discharge pressure _________________________  psig; Pko ___________________  psig
* 34. Inj. gas temp (Tgs) _______________________ °F    Inj gas SG (SGi) ___________________________
* 35. Inj. gas volume: max/unloading/design  _________________________________________Rgli/MCFD
* 36. Load fluid grad (gs): ________________________  psi/ft; Lower grad (gfb)__________________ psi/ft
* 37. Min spacing of valves _____________________ ft;  Min pressure drop (PD) _________________  psi
* 38. Design flow press (Pwh) _________________  psig;  Design flow temp (Twh) ___________________ °F

39. Gas lift mandrel: ______________________________________________________________________
* 40. Gas lift valve (mfg & type): _____________________________________________________________

41. Gas lift valve description  _______________________________________________________________
42. Other _______________________________________________________________________________

Remarks: ____________________________________________________________________________________
____________________________________________________________________________________

By: _______________________________________________________ Date: __________________________
*Indicates data that must be supplied for good design.
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the producing rate. In some cases it may be necessary to
interpolate between two graphs. A close match of the oil API
gravity and water specific gravity are not critical; however, a
small correction factor may be needed for large discrepan-
cies, i.e., a 10° API gravity change. The Vertical Flowing
Pressure Gradients are not very sensitive to gas specific grav-
ity or to the average flowing temperature; thus, a close match
is not essential.

5.3.4.4 The Vertical Flowing Pressure Gradient Curve
selected is shown in Figure 21. Enter the graph at the flowing
wellhead pressure of 120 psig and proceed to the intersection of
the appropriate GLR of 200. Find the depth correction of about
1400 ft. This point matches the surface flowing pressure of the
production test. Since the well is 8000 ft true vertical depth,
find the corrected total depth to be (8000 + 1400) 9400 ft.

5.3.4.5 Proceed to the point of 9400 ft and the 200 GLR
line. Read the flowing pressure to be about 2550 psig.

5.3.4.6 The stabilized static fluid level (SFL) when the well
was filled with 0.465 psi/ft salt water was found to be at about
795 ft from the surface when the wellhead pressure (Pwh) was
zero. Thus, the static bottom hole pressure (Pws) was calcu-
lated to be 3350 psig.

Pws = 0.465 (Depth – SFL) + Pwh

Pws = [0.465 (8000 – 795)] + 0 = 3350 psig

The IPR graph was constructed. The following data were
used:

Pws: Static Reservoir Pressure = 3350 psig

Pb: Bubble Point = 1500 psig

Pwf: Flowing Bottom Hole Pressure = 2550 psig

q1: Production (Liquid) Rate = 200 BPD

5.3.4.7 For above the Bubble Point (≥ 1500 psig):

J = Change in Rate/Change in Pressure = q1/(Pws – Pwf)

J = 200/(3350 – 2550) = 0.25 BPD/psi

Note:

J = Productivity Index, commonly referred to as “PI”

and:

q1 = J x (Pws – Pwf) = 0.25 x ∆P

qpb = J (Pws – Pb) = 0.25 x (3350 – 1500) = 462.5 BPD

5.3.4.8 For below the Bubble Point: (Pwf < 1500 psig):

qa = Pb x JI/1.8 = 208 BPD

qmax = 208 + 462.5 = 670.5 BPD

q1 = Production below Pb + Production above

q1 = Qa [1.0 – 0.2 (Pwf/Pb) – 0.8 (Pwf/Pb)2] + qpb

5.3.4.9 Example: For Pwf = 1200

ql = 208 x [1 – 0.2(1200/1500) – 0.8(1200/1500)2] + 462.5

ql = 530 BPD

the following table was calculated:

A graph of the results is shown in Figure 22. 

5.3.5 Injection Pressure

5.3.5.1 Gas lift injection pressure at the well varies from
1250 psig to 1150 psig, but typically averages about 1200
psig over 90% of the time. Since injection pressure operated
valves are planned, actual operating pressure at the surface
will be on the order of 1100 psig. The 1200 psig will be
needed only during the unloading operation—which will be
infrequent. It is assumed that 1200 psig will normally be
available for kick off; and the practice of taking a 50 psi pres-
sure drop safety factor in injection gas pressure at the well is
not warranted in this case. Some designers prefer to be more
conservative and use the minimum injection pressure for
design purposes since time periods exist where the available
1200 psi kickoff pressure may not be available. The injection
gas gravity was measured and found to be about 0.7. 

5.3.5.2 The injection gas pressure at depth and the injec-
tion gas gradient need to be determined. Use can be made of
charts for different gas gravities at assumed average tempera-
ture conditions or calculated for various injection pressures.

Rate (q1) Pressure (Pwf)

 (BPD) (BPD)

0.0 3350
200.0 2550
300.0 2150
400.0 1750
462.5 1500
500.0 1340
530.0 1200
585.0 900
600.0 803
627.0 600
642.0 450
655.0 300
664.0 150
670.5 0
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Figure 21—Vertical Flowing Pressure Gradient Curve
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The following is one method for predicting the static bottom
hole injection gas pressures:

Surface Gas Injection Pressure = Pg

Max Pressure of Injection Gas at depth = Pgd

Pgd = Pg x e

For Pg = 1100 psig (assumed average surface operating 
pressure.)

and

Z = 0.86 (at average temperature and pressure.) See 
Appendix A.

Ta = (74 + 180)/2 = 127

Pgd = 1100 x e

Pgd = 1350 psig

Gas Gradient = gg = (Pgd – Pd)/Dw

gg @ 1100 psig = (1350 – 1100)/8000 = 0.032 psi/ft

5.3.5.3 For this problem, an average approximate injection
gas gradient of 0.032 psi/ft will be used.

5.3.6 Equilibrium Curve

5.3.6.1 To make a good gas lift design, an estimate of the
maximum possible production rate for the given conditions
must be made. One technique recommended for determining
this rate is use of an equilibrium curve. The equilibrium curve
defines the maximum rate possible for any given depth with a

specific well P.I. and a given injection pressure. See API Gas
Lift, pages 72 and 73 for further detail.

5.3.6.2 Various points on the equilibrium curve can be cal-
culated but most gas lift designs construct the equilibrium
curve using a graphical approach. The equilibrium curve for
this example is constructed in Figure 23. Several suitable pro-
duction rates are picked that cover the range of interest. For
this case, rates of 300, 400, and 500 BPD were selected. Gas
lift gradient curves for Rgl s of 1000 were assumed since this
amount of gas was known to be available and experience indi-
cates that this GLR is often an adequate amount for gas lifting
inside 2-in. nominal tubing. Other Rgl s can be selected if the
available injection rates are defined for the local conditions.
See Section 7 for more details on selecting the Rgl.

5.3.6.3 The lower flowing gradient curves below the point
of gas injection are for the produced Rgl of the well. In this
case, the flowing gas oil ratio (Rglf) is 400 ft3/bbl and the gas
liquid ratio (Rgl) is 200 ft3/bbl. These curves can be traced
from gradient curves or estimated closely by straight lines for
pressures greater than 500 psi. For this case, gradients at pres-
sures near the bubble points are almost linear and in the 0.42
psi/ft range.

Note: A weighted average of the oil and water gives gradient values
on the high side since this method does not account for free gas or
the decrease in oil gradient due to gas in solution. Some designers
prefer to use a lower flowing gradient based on zero Rgl. Another
approach is to use the average slope (∆P/∆D) of the gradient curves
in the range from the lift depth to the production interval depth. A
lower flowing gradient value (gfb) of 0.42 psi/ft was selected for this
case.

5.3.6.4 To graphically construct an equilibrium curve is
relatively easy. We know the well will flow 200 BPD with a
Rgl of 200. A higher flow rate will require gas injection at a
deeper depth.

5.3.6.5 The first rate considered was the case when produc-
ing 300 BPD. Find on the IPR graph, or calculate:

Pwf = 3350 – 300/0.25 = 2150 psig

Plot this point at 8000 ft.

Note: In deviated wells all depth should be corrected to true verti-
cal depths (Dtv). Draw a line with a 0.42 psi/ft slope starting at
2150 psig and 8000 ft. The ending depth at zero pressure is found
as follows:

Depth = Dw – Pwf/Gradient

Depth = 8000 – 2150/0.42 = 2880 ft

5.3.6.6 Plot the point at 0 psig and 2880 ft and connect
with the first point. This is a 0.42 gradient line for a well flow-
ing 300 BPD below the point of gas injection. Plot or trace
the flowing gradient curve for 300 BPD with a GLR of about
1000. This is the upper flowing gradient line above the point

Figure 22—IPR Graph
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Figure 23—Gas Lift Design
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of gas injection. Note the intersection of the upper and lower
flowing gradient lines. This point is the depth (4400 ft) and
pressure (650 psig) that is required for gas injection to make
about 300 BPD.

5.3.6.7 Repeat the above procedure for a rate of 400 BPD.
Find from the IPR graph that the flowing bottom hole pres-
sure (Pwf) to make 400 BPD is 1750 psig. Plot this point at
8000 ft. Find the depth for zero pressure:

Depth = 8000 – 1750/0.42 = 3833 ft

5.3.6.8 Connect these two points. Trace the flowing gradi-
ent line for 400 BPD for a Rgl of 1000. Note the intersection
at about 6200 ft and 1000 psig. This represents the gas lift
injection point to produce 400 BPD (See Figure 23).

5.3.6.9 Again repeat the above procedure for a rate of 500
BPD. Find from IPR graph a flowing bottom hole pressure of
1340 psig to make 500 BPD. Plot this point at 8000 ft. Find
the depth for zero pressure:

Depth = 8000 –1340/0.42 = 4810 ft

5.3.6.10 Trace the flowing gradient line for 500 BPD and a
Rgl of 1000. Find the intersection of the upper and lower gra-
dient lines at slightly below 8000 ft with a pressure of 1420
psig. This is the calculated point of gas injection to produce
500 BPD (see Figure 24).

5.3.6.11 It is obvious that the maximum production rate on
gas lift is slightly less than 500 BFD unless the gas injection
is increased.

5.3.6.12 Now plot the above three points on a graph. This
is the equilibrium curve for this well, assuming a Rgl of 1000
while gas lifting, and a P.I. of 0.25 (see Figure 23).

5.3.6.13 The maximum rate would theoretically occur at
the intersection of the equilibrium curve and the gas injection
pressure line, a rate slightly less than 500 BPD. This rate can-
not be achieved in practice since the injection gas pressure
must be decreased when injection pressure valves are used
and the injection gas pressure must be about 100 psi higher
than the flowing production pressure to obtain ample gas
injection. Also, the produced rate will be limited due to man-
drel location. 

Table 3—Vertical Flowing Pressure at Deptha

500 BFPD

Rgl Rgl Rgl Rgl
Mandrel Dtv Dm 600 800 1000 1200

(ft) (ft) (Scf/bbl)

0 0 0 120 120 120 120
1 2350 2450 430 430 430 430
2 3460 3921 600 580 570 570
3 4345 5094 760 730 710 700
4 5000 5962 890 840 810 800
5 5500 6624 990 930 900 880
6 6000 7287 1090 1020 980 940 = psig
7 6500 7949 1190 1120 1080 1050
8 7000 8612 1310 1220 1180 1140
9 7500 9244 1430 1330 1270 1240

10 7900 9804 1530 1420 1350 1310
Dtv 8000 9936 1560 1440 1370 1330

aBased on Hagedorn and Brown “Vertical Flowing Pressure Gradi-
ents:” (50% oil–50% water) (Tubing Size: 2 in. nominal).
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5.3.6.14 An examination of Figure 23 indicates that for the
available gas injection pressure that the maximum possible
production rate would be about 450 BPD to 475 BPD. This
will require injection at about 7500 ft. Deeper injection is
desirable—but is not feasible, in this case, unless the tubing is
pulled and the mandrels re-spaced.

5.3.7 Producing Gas Liquid Ratios

5.3.7.1 For the conditions outlined for this problem, the
following depth-pressure flowing gradient traverses were
determined for 500 BPD flow condition up 1.995-in. ID tub-
ing, 50% cut. Use of a slightly higher gradient curve rate than
actual is a conservative/safe design approach.

5.3.7.2 Gas Liquid Ratio of 600, 800, 1000, and 1200 were
investigated.

5.3.8 Outflow Injection Gas Volume

5.3.8.1 The selection of the volume of injection gas to use
is important since it has a direct effect on production volumes
and operating costs. A tentative injection GLR of 1000 was
selected; however, this GLR needs to be confirmed.

5.3.8.2 One recommended method to determine the GLR
and the needed injection volumes is to draw the tubing perfor-
mance curve on the IPR graph. The flowing bottom hole pres-
sures for various production rates and gas liquid ratios (Rgl)
are plotted (see Figure 24). For this problem, Rgl s of 600,
800, 1000, 1200 and 2000 were selected for production rates
near 500 BPD. This analysis assumes that gas injection near
total depth is feasible.

5.3.8.3 It is apparent that a Rgl of 600 is a reasonable base
case. Rgl s of 800, 1000, 1200, and 2000 each increase pro-
duction but with decreasing rate gains per MCF of injection
gas. A summary of these results are shown in Table 5.

5.3.8.4 The minimum gradient for this well using the
Hagedorn-Brown curves for 500 BPD is a Rgl of about 2000.
Any increase in gas injection rate over a 2000 GLR will result
in a decrease in production rate since the resulting friction
loss will be greater than any reduction in head.

5.3.8.5 For this case produced gas liquid ratios of about
1200 appears reasonable. Approximately 3.7 BOPD will be
obtained for the last 100 MCFD of injection gas. An increase of
6 BOPD is obtained by injecting an additional 424 MCFD. In
this field this injection volume could be used more profitably in
other gas lift wells. Further checks on optimum Rgl should be
made after gas lift production has been established. Each instal-
lation has different operating costs and incomes; thus, the deci-
sion on the amount of gas to use is an economic one.

5.3.9 Temperature

5.3.9.1 A good prediction of the flowing temperature is
required to determine the valve set pressures under test rack
conditions.

5.3.9.2 Field measurement in a nearby well with the same
tubing size and making 500 BPD with a 50% water cost were
120°F at 2000 ft. A linear flowing temperature of 100°F at the
surface and 180°F at 8000 ft Dtv was assumed as a good
approximation of the producing temperatures.

5.3.10 Gas Lift Valve Selection

5.3.10.1 Care should be taken in the selection of the valve
type, size OD, and port size. Simple nitrogen charged, injec-
tion pressure operated valves were chosen due to their good
reliability and performance.

5.3.10.2 A number of port sizes are available in this type
1-in. OD valve from a number of manufacturers. The port
size normally range from 1/8 in. to 5/16 in. The port sizes
should allow passage of the needed injection gas at the pre-
dicted pressure differentials; however, the port should be
sized small enough to prevent excess use of gas. A smaller
port will be less likely to “head” and cause systems upsets.

5.3.10.3 A 3/16-in. port with a 0.104 production pressure
effect factor (PPEF) appears a good choice. Using the Gas
Flow Capacity charts in API Gas Lift (Figure 4-8B and Figure
4-9), the following approximate gas flow rates were found for
the 3/16-in. port (choke). See Figure 25.

5.3.11 Mandrel Depth

5.3.11.1 Mandrels were installed on completion using a
conservative pseudo linear gradient design to 5000 ft and then
spaced every 500 ft (Dtv) to total depth. See Figure 26. The
mandrels are at the following depths:   

Table 4—Tubing Performance Curvea

Pressure at Depth for Various Rates and Gas Liquid
Ratios (Rgl)

Rgl Rgl Rgl Rgl Rgl
Rate 600 800 1000 1200 2000

(BPD) (ft3/bbl)

400 1545 1400 1320 1280 1200

500 1560 1440 1370 1330 1260 = Psig

600 11640 1540 1470 1420 1360

aBased on an 8000 ft lift depth.

No. = 1 2 3 4 5 6 7 8 9 10

Dtv = 2350 3460 4345 5000 5500 6000 6500 7000 7500 7900

Dm = 2450 3921 5094 5962 6624 7287 7949 8612 9274 9804
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Gas Throughput in MCFD

Upstream Pressure in 100 psig
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Temperature = 60°F
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k = Cp/Cv = 1.27
Discharge coefficient = 0.865
Thornhill-Craver equation

Note: Gas flow capacities (0 – 4000 MCF/D) for known upstream pressure, 
downstream pressure, and orifice size. Courtesy F.T. Focht.

Figure 25—Gas Passage Chart for Various Orifice Sizes

Table 5—Summary of Rate vs. Gas Injection

RG
(SCF/bbl) Pwf

Rate
(BPD)

Injection Gasa

(MCFD)

Change in
Oil Rate
∆(BPD)

Change in
Injection Gas

∆(MCFD)

Change in
Oil Rate

(BOPD)/(MCFD)

(psig)

600 1550 449 179.6 (Base Case) — —

800 1430 478 286.8 14.5 107.2 0.135

1000 1370 494 395.2 8.0 108.4 0.074

1200 1335 502 502.0 4.0 106.8 0.037

2000 1275 514 926.2 6.0 424.2 0.014

aInjection gas required = Rate x (Rgl – 200).
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Table 6—Summary of Gas Flow Using 3/16-in. Port/Orifice

Upstream Pressure
 (psig)

Downstream Pressure
(psig)

Uncorrected Gas Rate
(MCFD)

Correction
Factora

Corrected Gas Rate
(MCFD)

1200 1100 550 1/1.15 478

1200 1000 720 1/1.15 626

1200 900 830 1/1.15 722

1200 800 880 1/1.15 765

1200 700 (critical) 920 1/1.15 800

aGas Gravity = 0.70 and Temperature = 180°F (see API Gas Lift, Figure 4.9).
These results indicate that a 3/16-in. ported valve when fully open should allow sufficient gas injection during unloading.

Note: Some designers recommend using smaller ported valves or installing 10/64-in. chokes in the upper unloading valves. This practice will
normally aid in unloading, but may cause multi-pointing.

Figure 26—Pressure-Depth Gas Lift Space Graph for: API
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5.3.11.2 Although the well is equipped with an adequate
number of mandrels, their spacing is not ideal for the actual
producing condition. Pulling the well to respace valves and
mandrels would be expensive and should be avoided if an
adequate design can be obtained with the existing spacing.

5.3.12 Spacing and Valve Setting

5.3.12.1 The objective is to work to the deepest mandrel
feasible. Spacing will be based on producing about 500 BPD,
the anticipated rate of the well by using the equilibrium
curve. A Rgl of 1200 was assumed based on the tubing perfor-
mance outflow curves. Injection gas pressure will be dropped
20 psi to allow the upper valves to close and thus prevent
valve interference. This 20 psi drop is based on allowing a 10
psi valve safety factor and 100 psi increase in flowing produc-
tion pressure during unloading or producing. (With a produc-
tion pressure effect factor of 0.104, a 100 psi pressure change
is equivalent to about 10 psi injection gas pressure change).
Thus a minimum drop of 20 psi was taken. An unloading gra-
dient of 0.465 psi/ft will be used; however, once well produc-
tion has been established, the gradient in the tubing will
decrease to about 0.42 psi/ft. A gas gradient of 0.032 psi/ft
was used. The valve setting will be worked out analytically
and graphically. Individual mandrels should be evaluated to
determine if they must be used or if adequate pressure exists
to allow jumping or skipping it. Mandrels not required for the
valve design will be equipped with dummy valves if they are
not already equipped with dummies as given in this example.

5.3.12.2 For each valve, there must be a pressure differen-
tial from the casing to the tubing during transfer to the next
valve. Also, the tubing pressure must be reduced sufficiently
at each valve so that the transfer to the next valve is possible.
This design is based on attempting to lift as deep as possible
with a wide mandrel spacing; therefore, all safety factors are
kept to a minimum. Eliminating safety factors always
involves some risk that the valves may have to be pulled and
redesigned. (In this case, the valves are wireline retrievable.)

Valve #1
Since the well will flow and has a static bottom hole pres-

sure that will support a 0.465 psi/ft water column to near the
surface, the first mandrel must be used. (It is sometimes pos-
sible in low pressure wells with low fluid levels to skip the
upper mandrels, i.e., put the first valve in the first mandrel
above the static fluid level.)

Unloading Tubing Pressure < Gas Injection Pressure
@ Depth

Pul(1)= Unloading tubing pressure @ 2350 ft

Pul(1)= Pwh + gs x D(1)

Pul(1)= 120 + 0.465 x 2350 = 1213 psig

Inj. Pressure @ depth = Inj. @ Surface + Gas
Gradient x Depth

Piod(1)= Piod(1) + gg x D(1)

Piod(1)= 1200 + 0.032 x 2350 = 1275 psig
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Figure 27—Pressure-Depth Gas Lift Set
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Since the Injection Pressure (Piod) is 62 psi greater than the
unloading fluid pressure (Pul), valve #1 can be uncovered. (If
Pul is greater than Piod, then it may be necessary to rock the
well, circulate with lighter kill fluid, or use a nitrogen unit to
initiate flow.)

The temperature at valve #1 is calculated as follows:

Temp @ depth = Surface flowing temp + gTpf x valve 
depth/100

Tv(1) = 100 + 1.0 x 2350/100 = 123.5°F

CT(1) = 0.880 (See Appendix A, Table A-1)

Based on the 500 BPD gradient curve, the flowing produc-
ing pressure Pmin(1) at 2350 ft is about 430 psig.

Pvo = Valve (Test Rack) Set Pressure @ 60°F = (Produc-
tion Pressure Effect Factor x Flowing Pressure + Inj. 
Gas Pressure @ Depth) x Temp Correction.

Pvo = (PPEF x Pmin + Piod) x CT

Pmin = 430 psig (See Table 5)

Pvo(1) = (0.104 x 430 + 1275) x 0.880 = 1161 psig

Valve #2

Check conditions at 3460 ft.

Pul(2) = Pmin(1) + gs x Dbv

= 430 + 0.465 (3460 – 2350) = 946 psig

Piod(2) = Pio(2) + gg x D(2)

= 1180 + 0.0320 x 3460 = 1290 psig

The injection pressure is much higher than the tubing
unloading pressure. Check to determine if mandrel/valve at
3460 ft can be skipped and the one at 4345 ft used (see Fig-
ure 27).

Pul(2)´ = Pmin(1) + gs x Dbv

Pul(2)´ = 430 + 0.465 (4345 – 2350) = 1358 psig

Piod(2)´ = Pio(2) + gg x D(2)

Piod(2)´ = 1180 + 0.0320 x 4345 = 1319 psig

Since Piod(2)´ is less than Pul(2)´, the mandrel at 3460 ft can
not be skipped.

Tv(2) = Twh = gTpf x D(2)/100

Tv(2) = 100 + 1.0 x 3460/100 = 134.6°F 

CT(2) = 0.862 (See Table A-1)

From gradient curve for 500 BPD find Pmin(2) @ 3460 ft =
570 psig.

PVO(2) = [PPEF x Pmin(2) + Piod(2)] CT

PVO(2) = (0.104 x 570 + 1290) x 0.862 = psig

Valve #3

Check condition for mandrel at 4345 ft.

Pul(3) = Pmin(2) + gg x Dbv

Pul(3) = 570 + 0.465 x (4345 – 3460)´ = 982 psig

Piod(3) = Pio(3) + gg x D(3)

Piod(3) = 1160 + 0.0320 x 4345 = 1299 psig

Again, since the injection pressure is much higher than the
unloading pressure requirement, check to see if this mandrel
can be skipped; go to next mandrel at 5000 ft.

Pul(3)´ = 570 + 0.465 (5000 – 3460) = 1286 psig

Piod(3)´ = 1160 + 0.0320 (5000) = 1320 psig

The injection pressure, Piod(3), is higher than the unloading
pressure Pul(3), thus, the mandrel at 4345 ft will be skipped
and the one at 5000 ft used.

Tv(3)  = 100 + 1.0 x 5000/100 = 150°F 

CT(3) = 0.838 (See Appendix A, Table A-1)

Find that Pmin(3) = 800 psig (see Table 3)

Pvo(3)  = 104 x 800 + 1320) x 0.838 = psig

Valve #4

Check conditions at 5500 ft.

Pul(4) = 800 + 0.465 x (5500 – 5000) = 1033 psig

Piod(4) = 1140 + 0.0320 x 5500 = 1316 psig

Possibly can skip this mandrel. Check conditions at 6000 ft.

Pul(4) = 800 + 0.465 x (6000 – 5000) = 1265 psig 

Piod(4) = 1140 + 0.032 x 6000 = 1332 psig

gTpf

T f T wh–
Depth

-------------------- 100× 180 100–
8000

----------------------- 100× 1.0°F/100 ft= = =
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The required unloading pressure is less than the available
gas injection pressure; thus the mandrel at 5500 ft can be
skipped, and the mandrel at 6000 ft used.

Tv(4) = 100 + 1.00 x 6000/100 = 160°F 

CT(4) = 0.823 (See Appendix A, Table A-1)

Find Pmin(4) = 940 psig (See Table 1)

Pvo(4) = (0.104 x 940 + 1332) x 0.823 = 1177 psig

Valve #5

Check conditions @ 6500 ft.

Pul(5) = 940 + 0.465 x (6500 – 6000) = 1173 psig

Piod(5) = 1120 + 0.0320 x 6500 = 1328 psig

Piod(5) > Pul(5)

A check to skip this mandrel showed that it was not possible.

Tv(5) = l00 + 1.00 x 6500/100 = 165°F

CT = 0.816 (See Table A-1)

Find Pmin(5) = 1050 psig (See Table 3)

Pvo(5) = (0.104 x 1050 + 1328) x 0.816 = 1173 psig

Valve #6

Check conditions at 7000 ft.

Pul(6) = 1050 + 0.465 (7000 – 6500) = 1283 psig

Piod(6) = 1100 + 0.0320 (7000) 1324 psig

Piod(6) > Pul(6)

Tv(6) = 100 + 1.00 x 7000/100 = 170°F

CT = 0.809

Find Pmin(6) = 1140 psig

Pvo(6) = (0.104 x 1140 + 1324) x 0.809 = 1167 psig

Valve #7

Check conditions at 7500 ft.

Pul(7) = 1140 + 0.465 (7500 – 7000) = 1373 psig

Piod(7) = 1080 + 0.032 x 7500 = 1320 psig

Cannot reach (transfer to) next valve since Pul(7) > Piod(7);
however, only a small change in operating conditions might
permit injecting gas at 7500 ft.

5.3.12.3 Since lift from 7500 ft is just out of reach, install
an orifice at this depth. Possibly, use of slightly more injec-
tion gas during unloading or a drop in the unloading gradient
will permit injection at 7500 ft.

5.3.12.4 Carefully select the orifice size needed. By use
of the Gas Passage Chart (see Figure A-4), an orifice size of
14/64-in. should be adequate to pass 500 MCF at the operat-
ing pressures.

A summary of the above results are given in Table 7.

5.3.12.5 With this design, there is a good chance of lifting
from 7500 ft through the orifice (see Figure 28). A production
rate slightly less than 500 BPD should result with injection
gas of 500 MCFC. If the orifice cannot be reached, then injec-
tion will be through the valve at 7000 ft and a production rate
of about 450 BPD should result. If trouble is encountered
which prohibits lift from 7000 ft or deeper run a flowing pres-
sure survey and redesign. Since the mandrel at 7900 ft cannot
be reached based on the above design analysis, a dummy will
be installed. 

Table 7—Mandrel/Valve Summary

Mandrel
Valve
No.

Depth
(ft)

Valve/
Dummy Pio

Piod
(psig)

Pmin
(psig)

Tv
(°F) Pvo

1 1 2350 V 1200 1275 430 123.5 1161

2 2 3460 V 1180 1290 570 134.6 1162

3 — 4345 D — — — — —

4 3 5000 V 1160 1320 800 150 1176

5 — 5500 D — — — — —

6 4 6000 V 1140 1332 940 160 1177

7 5 6500 V 1120 1328 1050 165 1173

8 6 7000 V 1100 1324 1140 170 1167

9 7 7500 O 1080 1320 1240 175 —

10 — 7900 D — — — — —
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Figure 28—Pressure-Depth Gas Lift Program
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APPENDIX A—API SYMBOLS FOR GAS LIFT DESIGN

Symbol Definition

Ab = Total effective area of Bellows, in.2

Ap = Area of Valve Seat or Port-Ball seat contact 

area, in.2

Ap/Ab = Ratio of Gas Lift Valve Port to Bellows area: 
From mfg. data.

ck = Choke or Port diameter of the Gas Lift Valve, 
1/64-in.

Cd = Discharge coefficient for gas flow through an 
orifice.

Cg = Correction factor for gas passage through a 
choke.

CT = Temperature correction factor for nitrogen gas.

D(1) = Depth of top valve, ft.

D(n) = Depth on nth valve, ft.

Dbv = Distance between valves, ft.

Di = Depth of gas injection, ft.

Dm = Measured depth of deviated wells, ft.

Dmin = Minimum spacing of gas lift valves or man-
drels, ft.

Dov = Depth of operating valve or gas injection, ft.

Dsfl = Depth of static fluid level, ft.

Dtv = True vertical depth of well, ft.

Dw = Reference depth of well: Normally measured 
mid-point of perfs., on top of perfs., ft.

Fc = Closing force on gas lift valve, pounds force.

Fo = Total opening force on valve, pounds force.

Fo1 = Opening force due to pressure on the bellows, 
pounds force.

Fo2 = Opening force due to pressure on valve stem, 
pounds force.

fo = Oil cut fraction of total produced liquid.

fw = Water cut fraction of total produced liquid.

g = Gradient, psi/ft.

gfa = Flowing gradient above point of gas injection, 
psi/ft.

gfb = Flowing gradient below point of gas injection, 
psi/ft.

gg = Gas gradient of injection gas, psi/ft.

go = Gradient of oil, psi/ft.

gs = Static gradient of load fluid, psi/ft.

gw = Gradient of produced water, psi/ft.

GTpf = Flowing production temperature gradient, 
°F/100 ft.

GTs = Static temperature gradient, °F/100 ft.

J = Productivity Index (J = PI), BLPD/psi.

nv = Total number of gas lift valves.

PD = Pressure Drop in inj. gas pressure to deter 
interference, psi.

P1 = Pressure applied under the bellows of a gas lift 
valve, psig.

P2 = Pressure applied under the stem of a gas lift 
valve, psig.

PB = Bubble point pressure of the produced oil, 
psig.

Pbt(n) = Pressure of bellows at temperature of nth 
valve, psig.

Pbv = Bellows pressure at 60°F, psig.

Peo = Effective opening pressure due to production 
pressure, psig.

Pg = Max available pressure of injection gas at sur-
face, psig.

Pgd = Max pressure of injection gas at Dw, psig.

Piod(1) = Operating gas injection pressure at valve num-
ber 1, psig.

Piod(n) = Operating gas injection pressure at nth valve, 
psig.

Pio(1) = Operating gas injection pressure to open valve 
1, psig

Pio(n) = Surface operating gas injection pressure to 
open nth valve, psi.

Pko = Max kickoff gas injection pressure at surface, 
psig.
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Pmax(1) = Max flowing pressure at valve 1 while lifting 
deeper, psig.

Pmax(n) = Max flowing pressure at nth valve while lifting 
deeper, psig.

Pmin(1) = Min flowing pressure at valve 1 while unload-
ing, psig.

Pmin(n) = Min flowing pressure at nth valve while 
unloading, psig.

Ppd(1) = Flowing production pressure at valve 1, psig.

Ppd(n) = Flowing production pressure at nth valve, psig.

Ppe = Production pressure effect, psig.

PPEF = Production pressure effect factor—mfg. 
data—(Previously TEF)

Psc = Pressure at standard conditions, psig.

Psep = Pressure of oil and gas separator, psig.

PSF = Pressure safety factor to ensure valve is uncov-
ered, psig.

Psp = Spring pressure effect on valve, psig.

Pul(1) = Max unloading pressure at valve 1 when 
uncovered, psig.

Pul(n) = Max unloading pressure at nth valve when 
uncovered, psig.

Pvcd(1) = Valve closing pressure of valve 1 at depth, psig.

Pvcd(n) = Valve closing pressure of nth valve at depth, 
psig. 

Pvc(1) = Surface closing pressure of valve 1, psig. 

Pvc(n) = Surface closing pressure of nth valve, psig.

Pvo(1) = Test rack set opening pressure for valve 1, psig.

Pvo(n) = Test rack set opening pressure for nth valve, 
psig.

Pwf = Flowing bottom hole pressure at Dw, psig.

Pwh = Flowing pressure at the wellhead, psig.

Pws = Static bottom hole formation or reservoir pres-
sure, psig.

qa = Max production rate below the bubble point, 
BLPD.

qg = Gas production rate—from formation, MSCF/D.

qgi = Injection gas rate, MSCF/D.

qgt = Total gas rate measured (formation + injec-
tion), MSCF/D.

q1 = Total liquid rate, BLPD.

qmax = Maximum liquid rate of well, BLPD.

qo = Total oil production rate, BOPD.

qpb = Production rate at the bubble point, BLPD.

qw = Total water production rate, BWPD.

Rgl = Ratio of gas to liquid, scf/bbl.

Rglf = Ratio of formation gas to liquid, scf/bbl.

Rgli = Ratio of injected gas to liquid, scf/bbl.

Rgo = Ratio of gas to oil, scf/bbl.

SGg = Specific gravity of produced gas.

SGi = Specific gravity of injected gas.

SGO = Specific gravity of oil.

SGw = Specific gravity of produced water.

Ta = Average gas injection temperature, °F.

Tf = Formation temperature, °F.

Tgs = Surface temperature of injection gas, °F.

Ts = Static earth surface temperature, °F.

Tsc = Temperature at standard conditions, °F.

Tv(1) = Temperature at valve 1 depth, °F.

Tv(n) = Temperature at nth valve, °F.

Twh = Flowing temperature at wellhead, °F.

Z = Gas compression factor at average pressure 
and temperature.      
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Figure A-1—Gas Lift Well Data Sheet

Company __________________________________________ Address __________________________________
__________________________________
__________________________________

A. Well Completion Data
* 1. Field name:__________________________________________________________________________
* 2. Lease name and well no.: _______________________________________________________________

3. Producing formation: ________________________________________ Lithology: _________________
* 4. Casing: ______________ in.  OD; _______________ #/ft; ___________  Grade;  _______________ ft

5. Liner: _______________  in.  OD; _______________ #/ft; ___________  Grade; _______________ ft
6. Open hole: (yes/no) _________________________  Gravel pack (yes/no) ________________________

* 7. Well reference depth (Dtv/Dm):  _______________________ / _____________________________ ft
* 8. Perf. Interval (Dtv/Dm) ______________________________________________________________ ft

9. Packer: ______________________________________ (Dtv/Dm) ____________  / ______________ ft
* 10. TBG LGT __________ft;  OD _________ in.;  WT. ___________ lb/ft;  Grade _______ THD _______

11. SSSV: (type) __________________________; Depth _____________ ft; Bore _________________in.
12. Wellhead misc: _________________; (Bore ID) ___________________ in.;  WP ______________ psi
13. Choke: (type) ____________________________;   Size max. ID ________________________ / 64 in.
14. Flowline: size ID ______________________________ in.   Length: __________________________ft
15. Well profile: (Dtv/Dm or deg) ___________________________________________________________

____________________________________________________________________________________

B. Reservoir, Test and Production Data
* 16. Test date: __________; (qo) __________ BOPD (qw) = __________ BWPD (qg) = _________ MCFD
* 17. Water cut (fw): __________________;  Formation GOR (R):_____________  (Rgl):_______________
* 18. Flowing WHP (Pwh) _________________  psig;  Separator pressure (Psep) __________________ psig
* 19. Static BHP (Pws): ___________________________ psig @ ________________________________ft

20. Static fluid level  _______________ ft & Pwh _________________  psig & gw ______________ psi/ft
* 21. Flow BHP (Pwf): _____________________ psig @ _________________ ft @ ql ___________ BLPD
* 22. Oil gravity __________________________  deg API;  Water SG (SGw) ________________________
* 23. Formation gas SG (SGg): ____________________; BH temp (Tf) ____________ °F @ ___________ft
* 24. Static surf. temp (Ts): _______________________  Flow surf. temp (Twh): ____________________ °F
* 25. Bubble point (Pb): _________________ psig  PI (J): _______________ BPD/psi Flow eff __________

26. Sand (yes/no) _______________;  Paraffin (yes/no) _______________; Scale (yes/no)______________
27. H2S (yes/no) _______________;  CO2 (yes/no) _______________;  Emulsion (yes/no) _____________
28. Other unusual lift problems ______________________________________________________________

C. Design Information
* 29. Tubing/Annulus flow ________________________ Space/set/run WL valves ____________________
* 30. Production rate (q1): min_______________ max _________________ design _______________ BPD
* 31. Max water cut _______________;  Max lift depth ______________ ft;   Min BHP ____________ psig
* 32. Well inj. pres (Pg): ______________________  psig:  Operating pressure (Pio)________________ psig

33. Compressor discharge pressure _________________________  psig; Pko ___________________  psig
* 34. Inj. gas temp (Tgs) _______________________ °F    Inj gas SG (SGi) ___________________________
* 35. Inj. gas volume: max/unloading/design  _________________________________________Rgli/MCFD
* 36. Load fluid grad (gs): ________________________  psi/ft; Lower grad (gfb)__________________ psi/ft
* 37. Min spacing of valves _____________________ ft;  Min pressure drop (PD) _________________  psi
* 38. Design flow press (Pwh) _________________  psig;  Design flow temp (Twh) ___________________ °F

39. Gas lift mandrel: ______________________________________________________________________
* 40. Gas lift valve (mfg & type): _____________________________________________________________

41. Gas lift valve description  _______________________________________________________________
42. Other _______________________________________________________________________________

Remarks: ____________________________________________________________________________________
____________________________________________________________________________________

By: _______________________________________________________ Date: __________________________
*Indicates data that must be supplied for good design.
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Figure A-2—Test Rack Pressure Calculation Sheet

Test Rack Pressure Calculation Sheet

Well _____________________________________________ Valve _________________________________________

Valve Depth Tv PPEF Ppd Piod Pvo
No. ft °F psig psig psig psig CT psig

1 _______ _______ _______ x _______ = _______ + _______ = _______ x _______ = _______ _______

2 _______ _______ _______ x _______ = _______ + _______ = _______ x _______ = _______ _______

3 _______ _______ _______ x _______ = _______ + _______ = _______ x _______ = _______ _______

4 _______ _______ _______ x _______ = _______ + _______ = _______ x _______ = _______ _______

5 _______ _______ _______ x _______ = _______ + _______ = _______ x _______ = _______ _______

6 _______ _______ _______ x _______ = _______ + _______ = _______ x _______ = _______ _______

7 _______ _______ _______ x _______ = _______ + _______ = _______ x _______ = _______ _______

8 _______ _______ _______ x _______ = _______ + _______ = _______ x _______ = _______ _______

9 _______ _______ _______ x _______ = _______ + _______ = _______ x _______ = _______ _______

10 _______ _______ _______ x _______ = _______ + _______ = _______ x _______ = _______ _______

11 _______ _______ _______ x _______ = _______ + _______ = _______ x _______ = _______ _______

12 _______ _______ _______ x _______ = _______ + _______ = _______ x _______ = _______ _______

13 _______ _______ _______ x _______ = _______ + _______ = _______ x _______ = _______ _______

14 _______ _______ _______ x _______ = _______ + _______ = _______ x _______ = _______ _______

15 _______ _______ _______ x _______ = _______ + _______ = _______ x _______ = _______ _______

Remarks: ___________________________________________________________________________________________________

___________________________________________________________________________________________________

___________________________________________________________________________________________________

Pvo = (PPEF x Ppd + Piod) x CT

CT = 1/(Tv – 60) x 0.00215 + 1.0) or look up in Table A.1

Designer: ________________________________________________________________ Date: _____________________________

COPYRIGHT 2000 American Petroleum Institute
Information Handling Services, 2000
COPYRIGHT 2000 American Petroleum Institute
Information Handling Services, 2000



RECOMMENDED PRACTICE FOR DESIGN OF CONTINUOUS FLOW GAS LIFT INSTALLATIONS USING INJECTION PRESSURE OPERATED VALVES 51

Table A-1—Temperature Correction Factors for Nitrogen Based on 60°F

°F Ct °F Ct °F Ct °F Ct °F Ct °F Ct

61 0.998 101 0.919 141 0.852 181 0.794 221 0.743 261 0.698
62 0.996 102 0.917 141 0.850 182 0.792 222 0.742 262 0.697
63 0.994 103 0.915 143 0.849 183 0.791 223 0.740 263 0.696
64 0.991 104 0.914 144 0.847 184 0.790 224 0.739 264 0.695
65 0.989 105 0.912 145 0.845 185 0.788 225 0.738 265 0.694

66 0.987 106 0.910 146 0.844 186 0.787 226 0.737 266 0.693
67 0.985 107 0.908 147 0.842 187 0.786 227 0.736 267 0.692
68 0.983 108 0.906 148 0.841 188 0.784 228 0.735 268 0.691
69 0.981 109 0.905 149 0.839 189 0.783 229 0.733 269 0.690
70 0.979 110 0.903 150 0.838 190 0.782 230 0.732 270 0.689

71 0.977 111 0.901 151 0.836 191 0.780 231 0.731 271 0.688
72 0.975 112 0.899 152 0.835 192 0.779 232 0.730 272 0.687
73 0.973 113 0.898 153 0.833 193 0.778 233 0.729 273 0.686
74 0.971 114 0.896 154 0.832 194 0.776 234 0.728 274 0.685
75 0.969 115 0.894 155 0.830 195 0.775 235 0.727 275 0.684

76 0.967 116 0.893 156 0.829 196 0.774 236 0.725 276 0.683
77 0.965 117 0.891 157 0.827 197 0.772 237 0.724 277 0.682
78 0.963 118 0.889 158 0.826 198 0.771 238 0.723 278 0.681
79 0.961 119 0.887 159 0.825 199 0.770 239 0.722 279 0.680
80 0.959 120 0.886 160 0.823 200 0.769 240 0.721 280 0.679

81 0.957 121 0.884 161 0.822 201 0.767 241 0.720 281 0.678
82 0.955 122 0.882 162 0.820 202 0.766 242 0.719 282 0.677
83 0.953 123 0.881 163 0.819 203 0.765 243 0.718 283 0.676
84 0.951 124 0.879 164 0.817 204 0.764 244 0.717 284 0.675
85 0.949 125 0.877 165 0.816 205 0.762 245 0.715 285 0.674

86 0.947 126 0.876 166 0.814 206 0.761 246 0.714 286 0.673
87 0.945 127 0.874 167 0.813 207 0.760 247 0.713 287 0.672
88 0.943 128 0.872 168 0.812 208 0.759 248 0.712 288 0.671
89 0.941 129 0.871 169 0.810 209 0.757 249 0.711 289 0.670
90 0.939 130 0.869 170 0.809 210 0.756 250 0.710 290 0.669

91 0.938 131 0.868 171 0.807 211 0.755 251 0.709 291 0.668
92 0.936 132 0.866 172 0.806 212 0.754 252 0.708 292 0.667
93 0.934 133 0.864 173 0.805 213 0.752 253 0.707 293 0.666
94 0.932 134 0.863 174 0.803 214 0.751 254 0.706 294 0.665
95 0.930 135 0.861 175 0.802 215 0.750  255 0.705 295 0.664

96 0.928 136 0.860 176 0.800 216 0.749 256 0.704 296 0.663
97 0.926 137 0.858 177 0.799 217 0.748 257 0.702 297 0.662
98 0.924 138 0.856 178 0.798 218 0.746 258 0.701 298 0.662
99 0.923 139 0.855 179 0.796 219 0.745 259 0.700 299 0.661
100 0.921 140 0.853 180 0.795 220 0.744 260 0.699 300 0.660

Ct
Gas Lift Valve Dome Pressure at 60°F

Gas Lift Valve Dome Pressure at Well Temperature
----------------------------------------------------------------------------------------------------------------------------=
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Problem example

Given: 1. Average temperature of gas column,
    Tavg = 88°F
2. Gas gravity, G = 0.75
3. Average pressure, Pavg = 730 psig

Find: Compressibility factor, Z

Solution: From chart, Z = 0.842
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Figure A-3—Compressibility Factors for Natural Gas
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Gas Throughput in MCFD

Upstream Pressure in 100 psig
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  Temperature = 60°F
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  Thornhill-Craver equation

Correction factor = 0.0544   GT
G = Actual gas gravity ( air = 1.0)
T = Actual gas temperature, °R
Copyrighted by Camco, Inc. 1961

Gas Passage Chart for Various Orifice Sizes

Figure A-4—Upstream Pressure in 100 psig
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Figure A-5—Correction Factor
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Basis:
Correction factor = 0.0544   GT

Where:  
     G = Actual gas gravity ( air = 1.0)
     T = Actual gas temperature, °R
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APPENDIX B—VERTICAL FLOWING PRESSURE
GRADIENTS CHARTS

Vertical flowing Pressure Gradients for:

35°API, 1.074 Water Specific Gravity, and 0.65 Gas Specific Gravity.

Tubing nominal size—2 in. for 50/50 oil-water mix.

Rate Ta

100 BPD 100 °F
200 BPD 120
300 BPD 120
400 BPD 120
500 BPD 140
600 BPD 140
700 BPD 140
800 BPD 140
900 BPD 140

1000 BPD 140

Tubing nominal size 2.5-in. for 50/50 oil-water mix

Rate Ta

100 BPD 100 °F
200 BPD 120
300 BPD 120
400 BPD 120
500 BPD 140
600 BPD 140
700 BPD 140
800 BPD 140
900 BPD 140

1000 BPD 140

Source: Courtesy of Otis Engineering Corporation
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Reprinted with permission 
of Otis Engineering.
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2 in. ID
Producing rate 200 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 120°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2 in. ID
Producing rate 300 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 120°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2 in. ID
Producing rate 400 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 120°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2 in. ID
Producing rate 500 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 140°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2 in. ID
Producing rate 600 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 140°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2 in. ID
Producing rate 700 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 140°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2 in. ID
Producing rate 800 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 140°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2 in. ID
Producing rate 900 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 140°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2 in. ID
Producing rate 1000 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 140°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2.5 in. ID
Producing rate 100 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 100°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2.5 in. ID
Producing rate 200 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 120°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2.5 in. ID
Producing rate 300 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 120°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2.5 in. ID
Producing rate 400 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 120°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2.5 in. ID
Producing rate 500 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 140°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2.5 in. ID
Producing rate 600 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 140°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2.5 in. ID
Producing rate 700 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 140°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2.5 in. ID
Producing rate 800 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 140°F

COPYRIGHT 2000 American Petroleum Institute
Information Handling Services, 2000
COPYRIGHT 2000 American Petroleum Institute
Information Handling Services, 2000



74 API  RECOMMENDED PRACTICE 11V6

0

1

2

3

4

5

6

7

8

9

10

0 2 4 6 8 10 12 14 16 18 20 22 24 26 28

Pressure (100 psig)

Le
ng

th
 (

10
00

 ft
)

Gas/liquid ratio—
SCF per bbl

400

500

600

800

1000

1200
1500

2000

300

200
100

50

25

0

Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2.5 in. ID
Producing rate 900 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 140°F
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Reprinted with permission 
of Otis Engineering.

Vertical flowing
pressure gradients

(50% oil—50% water)

Tubing size 2.5 in. ID
Producing rate 1000 bbls/day
Oil API gravity 35° API
Water specific gravity 1.074
Gas specific gravity 0.65
Average flowing temperature 140°F
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G11V12

G11V21

G11V52

G11V72

Spec 11V7, Gas Lift Valves, Orifices, Reverse Flow Valves and Dummy Valves

RP 11V2, Gas Lift Valve Performance Testing

RP 11V5, Operation Maintenance, and Troubleshooting of Gas Lift Installations

RP 11V7, Repair, Testing and Setting Gas Lift Valves

$ 70.00

$ 70.00

$ 70.00

$ 65.00

Invoice To – ❏ Check here if same as “Ship To”

Company:

Name/Dept.:

Address:

City: State/Province:

Zip: Country:

Customer Daytime Telephone No.:

Fax No.:

❏ Payment Enclosed $

❏ Payment By Charge Account:
❏ MasterCard ❏ Visa ❏ American Express

Account No.:

Name (As It Appears on Card):

Expiration Date:

Signature:

❏ Please Bill Me
P.O. No.:

Customer Account No.:

State Sales Tax – The American Petroleum Institute is required to collect sales tax on publications
mailed to the following states: AL,  AR, CT, DC, FL, GA, IL, IN, IA, KS, KY, ME, MD, MA, MI, MN, MO, NE, NJ, NY,
NC, ND, OH, PA, RI, SC, TN, TX, VT, VA, WV, and WI. Prepayment of orders shipped to these states should include
applicable sales tax unless a purchaser is exempt. If exempt, please print your state exemption number and
enclose a copy of the current exemption certificate.

Exemption Number: State:

Quantity Order Number Title Total

Subtotal

State Sales Tax (see above)

Rush Shipping Charge (see left)

Shipping and Handling (see left)

Total (in U.S. Dollars)

*To be placed on Standing Order for future editions of this
publication, place a check mark in the space provided. 

Pricing and availability subject to change without notice.

Date:
(Month, Day, Year)

❏ API Member
(Check if Yes)API Related Publications Order Form

Ship To – (UPS will not deliver to a P.O. Box)

Company:

Name/Dept.:

Address:

City: State/Province:

Zip: Country:

Customer Daytime Telephone No.:

Fax No.:
(Essential for Foreign Orders)

SO* Unit Price

Mail Orders: American Petroleum Institute, Order Desk, 1220 L Street, N.W., Washington, DC 20005-4070
Fax Orders: (202) 962-4776           Phone Orders: (202) 682-8375

To better serve you, please refer to this code when ordering: L A 4 4 108 990

(Essential for Foreign Orders)

Shipping and Handling – All orders are shipped via UPS or First Class Mail in the U.S. and Canada. Orders
to all other countries will be sent by Airmail. U.S. and Canada, $5 per order handling fee, plus actual shipping costs.
All other countries, for Airmail (standard service) add 25% of order value. All other countries, for UPS Next Day, add
an additional 10% of order value.
Rush Shipping Charge – FedEx, $10 in addition to customer providing FedEx account number:
______________________________. UPS Next Day, $10 plus the actual shipping costs (1-9 items). UPS
Second Day, add $10 plus the actual shipping costs (1-9 items).
Rush Bulk Orders – 1-9 items, $10. Over 9 items, add $1 each for every additional item.  NOTE: Shipping
on foreign orders cannot be rushed without FedEx account number.
Returns Policy - Only publications received in damaged condition or as a result of shipping or processing
errors, if unstamped and otherwise not defaced, may be returned for replacement within 45 days of the initiating
invoice date. A copy of the initiating invoice must accompany each return. Material which has neither been
damaged in shipment nor shipped in error requires prior authorization and may be subject to a shipping and
handling charge. All returns must be shipped prepaid using third class postage. If returns are due
to processing or shipping errors, API will refund the third class postage.
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The American Petroleum Institute provides additional resources
and programs to industry which are based on API Standards. 
For more information, contact:

• Training/Workshops Ph: 202-682-8490
Fax: 202-682-8222

• Inspector Certification Programs Ph: 202-682-8161
Fax: 202-962-4739

• American Petroleum Institute Ph: 202-682-8130
Quality Registrar Fax: 202-682-8070

• Monogram Program Ph: 202-962-4791
Fax: 202-682-8070

• Engine Oil Licensing and Ph: 202-682-8233
Certification System Fax: 202-962-4739

• Petroleum Test Laboratory Ph: 202-682-8129
Accreditation Program Fax: 202-682-8070

In addition, petroleum industry technical, patent, and business
information is available online through API EnCompass™. Call
1-888-604-1880 (toll-free) or 212-366-4040, or fax 212-366-4298
to discover more.

To obtain a free copy of the API
Publications, Programs, and Services
Catalog, call 202-682-8375 or fax your
request to 202-962-4776. Or see the online
interactive version of the catalog on our
web site at www.api.org/cat.
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Additional copies available from API Publications and Distribution:
(202) 682-8375

Information about API Publications, Programs and Services is
available on the World Wide Web at: http://www.api.org
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